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Abstract

Inefficient market responses to renewable support schemes can increase costs and under-
mine decarbonization efforts. We study two-way Contracts for Difference (CfDs), which sta-
bilize generator revenues but often distort generation incentives. Exploiting variation across
support schemes and CfD design rules for offshore wind farms in Great Britain, we apply
difference-in-differences to half-hourly unit-level data to provide the first ex-post evidence on
CfD-induced inefficiencies in day-ahead and balancing markets. Market-based offshore wind
farm units reduced output by 70-83% during negative-price hours; CfD units showed a similar
reduction when payments were suspended after six or more consecutive negative-price hours.
CfDs also distort the balancing market: generators curtail output by 23% less when they re-
ceive payments that cover the negative imbalance price; when they must repay, they curtail
19% more when the imbalance price drops below the payment. From 2019-2024, 2.9 TWh of
generation was produced during negative-price hours, costing £176 million in CfD support.
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1 Introduction

Governments around the world subsidize renewable generation to advance the clean-energy tran-
sition and meet climate targets. Yet the design of these renewable support schemes can introduce
operational inefficiencies in electricity markets by distorting generators” responses to price sig-
nals. A leading example is two-way Contracts for Difference (CfDs), which are long-term financial
contracts between a government-owned entity and electricity generators. CfDs provide revenue
stability for generators by guaranteeing a fixed “strike price” per MWh of electricity generated,
instead of exposing them to volatile wholesale market prices. In the standard CfD design, the
strike price is determined through a competitive auction in which generators bid the minimum
price they require to make their project financially viable. Once awarded, the CfD payment settles
the difference between the strike price and a reference price, which is usually the day-ahead (DA)
price. If the DA price falls below the strike price, the government pays the difference to the gen-
erator for each MWh of actual generation; if it rises above, the generator refunds the difference to
the government. When the DA price equals the strike price, the CfD payment is zero. CfDs have
been used for wind and solar, as well as for nuclear plants (European Commission, 2023), and
encourage investment by reducing price risk and lowering financing costs (Dukan and Kitzing,
2023; Beiter et al., 2024).

However, CfDs can give rise to inefficiencies or distortions at three levels. First, in the day-
ahead (DA) market, where generators commit electricity production for each hour of the next day,
CfDs can reduce generators’ private incentives to respond to price signals and to produce when
electricity is socially most needed (Schlecht et al., 2024). Since CfD payments are decoupled from
wholesale prices, the relevant marginal revenue for generators is given by the strike price rather
than the DA price. This weakens the link between market prices and operational decisions, such
that generators may continue producing even when negative prices signal that output should
be reduced (Huntington et al., 2017). Second, these distortions extend to subsequent intraday
and balancing markets. In a sequential market design, the DA market is followed by real-time
balancing actions to ensure that demand and supply of energy match in real-time, and generators
form expectations about these ex post adjustments when making operational decisions (Graf et al.,
2020b; Graf, 2025). In these markets, prices should reflect the social opportunity cost of producing
or curtailing electricity. However, because CfD payments are calculated using the DA reference
price but apply to actual real-time generation, generators who deviate from their DA commitment
face a net revenue that depends jointly on the real-time price and the implied CfD payment or
repayment. Once CfD payments are known to generators, they consider these payments as a
private opportunity cost, leading to premature or delayed real-time curtailment decisions relative
to what the intraday or imbalance price signals (Borenstein and Bushnell, 2022). Beyond these
short-term effects, CfDs also shape long-term investment choices because the revenue security of
long-term contracts influences project location and technology choices, favoring lower-cost, less
flexible sites and technologies (Lamp and Samano, 2023; Astier and Hatem, 2025).

As the energy transition accelerates, it is crucial to understand how CfDs influence generators’
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behavior in electricity markets, because these responses ultimately decide whether decarboniza-
tion, security of supply, and renewable integration are achieved efficiently. In this paper, we ana-
lyze the first two market inefficiencies: those in the DA market and in the intraday or balancing
market. For the second inefficiency, we focus on the balancing market due to data limitations in
the intraday market. This is not a major restriction since the distortions are similar in both markets.

We apply our analysis to offshore wind farms in Great Britain (GB), which has been using CfD
schemes since its Electricity Market Reform in 2014 and has offshore wind farms generating under
CfDs since 2017. Furthermore, Great Britain has had wind farms that were market-based (MB)
and wind farms receiving Renewables Obligation Certificates (ROCs). We empirically study how
65 CfD offshore wind farm units in GB, representing 90.1% of total installed offshore capacity,
respond to market signals, including negative-price periods, prolonged negative-price periods
(lasting six hours or more), and the imbalance price. In total, the CfD-backed offshore wind farms
in our sample received £7.09 billion in support payments between 2017 and 2024, as shown in
Figure 1a. Of this, £6.35 billion was received during the 2019-2024 study period.

To estimate the causal impact of CfD support in the DA market, we apply a two-way fixed-
effects difference-in-differences approach. The design exploits cross-unit differences in expo-
sure to negative prices across support schemes and within-unit changes in generation between
negative-price hours and surrounding non-event hours. We find that when DA electricity prices
are negative, market-based (MB) offshore wind units—which are fully exposed to the DA price—
reduce output by 70-83% relative to the hours before and after the negative prices, compared to
CfD- or ROC-supported units, which receive support payments when prices are negative, and
thus continue generating at full capacity. This continued generation resulted in 2.9 TWh of gen-
eration during negative DA prices, representing 1.29% of total offshore wind generation in our
sample and -£19 million in market value, costing £176 million in CfD support. Figure 1b presents
the CfD payments during negative DA prices, showing that they have increased steadily over
the sample period and more rapidly since mid-2023. However, when prices are negative for six or
more consecutive hours, generators awarded a CfD in Allocation Round 2 (AR 2) no longer receive
CfD payments during these hours. We find that these generators reduce generation by 79-93%
relative to the surrounding hours, compared to units without such a rule in their CfD contract or
ROC units. In our sample period, this six-hour rule saved £15 million in CfD payments or £95,821
per negative-price hour, which is a 8.06% reduction in total CfD payments during negative-price
hours across all allocation rounds (ARs) and a 50.65% reduction in CfD payments to AR 2 units.

To estimate the effect of CfD support in the balancing market, we employ one-to-one nearest
neighbor matching in a fixed-effects regression framework. Instead of responding directly to the
imbalance price—by producing when prices are positive and curtailing when they are negative—
CfD-backed generators consider their CfD payments as an opportunity cost, using this as the
reference point for deciding whether to produce or curtail. When generators need to make CfD
repayments to the government and the imbalance price drops below their repayment, we find

that they reduce their generation capacity factor by 18.6% compared to generators with the same
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Figure 1. Total cumulative two-way Contract for Difference (CfD) payments for offshore wind
generators in Great Britain: panel (a) shows payments in billion pounds (£) by month (2017-2024)
(Source: LCCC (2023d)), and panel (b) shows payments during negative day-ahead (DA) prices in
£ million by month (2019-2024). CfD payments equal the difference between the strike price and
the DA price, multiplied by actual generation (MWh) (capped at the strike price).

imbalance price but who receive CfD payments from the government. By curtailing generation,
generators avoid the higher CfD repayment and thereby increase their revenues. Conversely,
when CfD generators receive CfD payments, they curtail 23.2% less when imbalance prices are
negative compared to generators facing the same imbalance price but who must repay the gov-
ernment. Curtailment only begins when the CfD payment no longer offsets the loss from negative
imbalance prices. In both cases, we find that these effects are stronger when the distance between
the imbalance price and the CfD (re)payment increases, as imbalance prices are uncertain until the
final settlement.

Our results offer empirical lessons for policymakers that want to minimize market inefficien-
cies while supporting renewables through CfDs. Both Great Britain and the European Union (EU)
have set ambitious offshore wind expansion targets, with CfDs expected to play a key role in
achieving these goals (European Commission, 2014; Fabra, 2023). Consequently, the share of re-
newables operating under CfDs is expected to grow significantly in the coming years, and many
renewables today are supported by schemes that do not incentivize responding to market prices,
such as ROCs and standard CfDs. At the same time, negative DA prices are becoming more fre-
quent across EU electricity markets (see Fig. 2a). For example, Belgium, Finland, Germany and
the Netherlands each had more than 1,000 negative-price hours since 2019. In Great Britain, the
number of negative DA price hours in 2024 was nearly double that of 2023 and more than seven
times that of 2022 (see Fig. 2b); at the EU level, negative-price hours rose more than twelvefold
between 2022 and 2023 (ACER, 2024); and Victoria, Australia experienced 2,000 negative-price



hours between July 2023 and July 2024 (Frontier Economics, 2025). Without adjustments to the
standard CfD design, this will result in inefficient market behavior—generators producing when
the market signals no need for energy—and governments paying millions in CfD payments.

Our analysis shows that offshore wind farms are able to adjust their dispatch when facing
market prices. In particular, embedding dispatch incentives directly into contract design (e.g., the
six-hour rule) is successful in directly discouraging offshore wind farms to overproduce during
negative DA prices, which leads to savings for the government and more market-efficient behav-
ior. However, such rules may introduce revenue risk for generators, which could translate into
higher strike prices in future CfD auctions. The optimal design should take this into account by
for example basing payments on potential rather than realized generation, or adding the negative-
price hours to the end of the contract. In this way, generators face no additional revenue risk while

still responding efficiently to market signals.
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Figure 2. Cumulative hours with negative day-ahead prices in Germany (DE), Finland (FI),
Belgium (BE), the Netherlands (NL), France (FR), Switzerland (CH), Great Britain (GB), and Spain
(ES) by month (panel (a)) (January 2019-December 2024) and in Great Britain by month (panel (b))
(GB: February 2019-December 2024). Source (DE, FI, BE, NL, FR, CH, ES): ENTSO-E (2025).

This study contributes to three key areas in the economic literature. First, it adds to the litera-
ture on the efficiency implications of renewable support schemes. Prior work has used simulations
or equilibrium models to examine how different subsidy designs affect electricity prices, dispatch
incentives, and welfare outcomes (e.g., Pahle et al. (2016); Winkler et al. (2016); Reguant (2019);
Cook and Lin Lawell (2020); Meus et al. (2021); Veenstra and Mulder (2024)). While these stud-
ies provide valuable insights into theoretical trade-offs, there is little empirical evidence on how
existing support mechanisms affect real-time operations. Exceptions include Aldy et al. (2023),

who exploit the shift from output subsidies to investment subsidies in the United States to show
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empirically that output-based subsidies better align operating incentives with market signals, and
Schmalensee (2016), who uses plant-level output and nodal price data from multiple Indepen-
dent System Operators in the United States to document generators” responses to negative-price
and high-variability hours. Our paper complements this work by providing the first ex-post,
data-driven evaluation of how two-way CfDs affect production decisions in both day-ahead and
balancing markets—quantifying the occurrence, magnitude, and frequency of real-world ineffi-
ciencies.

Second, our study contributes to the growing CfD literature. Prior work on CfDs has mainly
focused on investment risk, financing costs, and contract design, typically using reviews, stylized
economic models or case studies (Neuhoff et al., 2022; Dukan and Kitzing, 2023; Beiter et al., 2024;
Nelson et al., 2024). Further, a range of potential CfD inefficiencies has been identified in the theo-
retical literature (e.g., Bunn and Yusupov (2015); Savelli et al. (2022); Schlecht et al. (2024); Veenstra
and Mulder (2024)) and multiple CfD design variants have been proposed, such as the six-hour
rule, extending the reference price period to monthly or yearly, or delinking CfD payments from
actual generation and tying them instead to forecasts (yardstick-based CfDs) (Newbery, 2023),
benchmarks (financial CfDs) (Schlecht et al., 2024), or fixed capacity payments (capacity-based
contracts) (Huntington et al., 2017). However, these design variants are proposed without em-
pirical evidence of the distortions they aim to fix, leaving policymakers to rely on untested the-
ory rather than measured outcomes. We add to this literature on CfDs by providing empirical
evidence on the distortions caused by CfDs and by showing how a design variant such as the
six-hour rule changes dispatch incentives.

A third area of relevant literature focuses on sequential electricity markets and the “increase-
decrease game”, showing that in zonal markets, where the DA market is adjusted through real-
time balancing markets, generators can have incentives to adjust their DA commitments to profit
from predictable real-time balancing actions (Hirth and Schlecht, 2019; Graf et al., 2021; Holmberg,
2024). Related work on sequential-market arbitrage finds that prices in the DA and subsequent
markets often fail to converge due to market power and limits to arbitrage (Borenstein et al., 2008;
Koichiro and Reguant, 2016; Birge et al., 2018). We relate to this broader literature by showing
that, conditional on the DA outcome, CfD payments enter generators’ private opportunity costs
after the DA market closes and can induce real-time deviations from DA commitments that do not
follow the imbalance price signal.

The paper is structured as follows. Section 2 provides an overview of the design of CfDs,
the potential distortions or inefficiencies, and their implementation in GB. Section 3 describes the
data, including the sources, validation process, and key summary statistics. Section 4 outlines the
empirical strategy of our analysis. Section 5 presents the results. Section 6 describes and quantifies

the welfare effects of the distortions, and Section 7 concludes.



2 Contracts for Difference: design and distortions

2.1 Design

A two-way Contract for Difference (CfD) is a long-term contract (typically 10-20 years) between
a government-owned entity and a nuclear, dedicated biomass with combined heat and power
(CHP), or renewable generator—such as solar or onshore and offshore wind. CfDs are allocated
through competitive auctions in which developers submit bids indicating the minimum strike
price they are willing to accept. Contracts are awarded to generators with the lowest bids un-
til either a predefined budget or volume cap is reached. Once awarded, the generator under a
CfD sells its generated electricity on the wholesale market but receives an additional financial
settlement from the government-owned entity based on the difference between the agreed strike
price and the reference price. In the standard design, the CfD payments for a renewable energy

generator 7 at time ¢ are calculated as follows:

CfD Payment, , = (Strike Price; ; — Reference Price,) x Generation;; (1)

That is, the CfD payment is computed as the difference between the Strike Price; ; and the Ref-
erence Price;, multiplied by the volume of electricity (Generation; ;) generated. The Strike Price; ; is
generator-specific and can be either fixed in nominal terms or adjusted for inflation. The Reference
Price; can be either the hourly day-ahead (DA) price or an average over a longer time period, such
as daily, monthly, or yearly. When averaged, it is often weighted by the generation profile of the
technology. A reference price tied to hourly DA prices insulates generators from short-term mar-
ket signals. In contrast, using a longer-term average as the reference price exposes generators to
differences between hourly DA prices and that average, restoring the incentive to respond to price
signals across hours. The hourly reference price is typically floored at zero, making the maximum
CfD payment from the government the strike price itself. When averaged, hours with negative
prices are treated as zero-price hours. Generation; ; can be actual generation produced by generator

i at time ¢ or a predefined reference generation profile.

2.2 Distortions
2.21 Day-ahead market

In an efficient electricity market, generators produce whenever market prices exceed their short-
run marginal costs. Contracts for Difference (CfDs) can distort these incentives in the day-ahead
(DA) market: by guaranteeing a fixed strike price per MWh of actual generation regardless of
the market price, CfDs encourages producers to generate continuously, even during periods of
oversupply—a behavior often characterized as “produce and forget.” As CfD-backed renewable
generators receive a CfD payment equal to the strike price during hours with negative prices, they
bid at prices equal to the negative of their strike price, well below their variable costs (Deng et al.,
2014; Prokhorov and Dreisbach, 2022). Such bidding distorts the merit order of curtailment: rather



than curtailing CfD-supported renewables with near-zero marginal costs, the market instead cur-
tails inflexible plants (such as nuclear or combined heat and power) with true short-run marginal
costs of curtailment, resulting in a productive inefficiency (Jha and Leslie, 2025). By forcing these
units to ramp and cycle more frequently, CfDs can increase system operating costs (Deng et al.,
2014).

2.2.2 Real-time markets

After the day-ahead (DA) market auction closes, generators commit to producing a specific
amount of electricity for each hour of the next day. In real time, their actual generation may
differ from this commitment due to technical constraints, market signals, or strategic choices. Any
such deviation is settled at the real-time price, i.e., the intraday or imbalance price in the intra-
day or balancing market. If the deviation helps balance the system—by generating more during
shortages or less during oversupply—the generator is paid the real-time price. If it worsens the
imbalance, they must pay that price instead.

However, once the DA price is known, CfD generators also know their hourly CfD (re)payment
and treat it as a private opportunity cost in subsequent markets (Schlecht et al., 2024). This means
that the decision to deviate from their committed generation is influenced not only by the real-time
price but also by the CfD payment, as they aim to maximize net revenue. This distorts behavior
in these markets: generators may curtail too early, when the real-time price is still positive, or
continue generating during periods of negative real-time prices.

To formalize this intuition, consider the real-time (RT') revenue of a CfD-supported generator

that commits ¢p 4 in the DA market and produces grr in real time:

7(qrr, qpa) = CfD payment + DA profits + RT profits
= (Pstrike — Ppa) qrT + 4D APDA + PrT(qRT — 4DA) ()
= (Pstrike — Ppa + Prr) qrr + (Ppa — PrT)qDA

By the time the real-time decision is made, the DA commitment ¢p4 is sunk (the second part
of Equation (2)). The marginal incentive to produce therefore depends on the sign of Pyyike —
Ppa + Pgr (the first part of Equation (2)). If Pyyixe — Ppa + Prr > 0, producing more increases
revenue, so the CfD generator prefers to keep generating in real time. Importantly, this inequality
can hold when the real-time price is negative (Prr < 0). In that case, the generator has to pay Prr
for its real-time production, but it will continue to produce as long as the received CfD payments
offset the negative real-time price: Psyike — Ppa > Prr. The generator only curtails when the CfD
payment is no longer sufficient to offset the negative real-time price: Pyyixe — Ppa < Prr. This
behavior can lead to inefficient generation at prices below their variable costs, while also further
reducing already low prices (Newbery, 2023).

Conversely, if Psyike — Ppa + Prr < 0, producing reduces revenue and the generator has an

incentive to curtail. This is socially optimal when real-time prices are negative. However, this



curtailment is inefficient when real-time prices are positive (Prr > 0). In that case, generators
increase revenue by not paying the CfD repayments to the government but the lower real-time
price instead (Prr < Piyike — Ppa). Such behavior is inefficient, as renewable curtailment at pos-
itive imbalance prices requires increased production by non-renewable generation with positive
variable costs, such as gas or coal plants (Schlecht et al., 2024).

Even though the intraday and balancing markets are subject to the same distortion, they differ
in terms of uncertainty and risk. While the intraday market allows generators to adjust their
committed generation with predictable intraday prices as they can observe market conditions,
the imbalance market operates in real-time with highly volatile imbalance prices, which are only
known after real-time operations. Because of this uncertainty, imbalance actions are riskier than
intraday trading.

2.3 CfD design in Great Britain
2.3.1 Renewables Obligation Certificates (2002-2017)

Before 2014, Great Britain’s main support scheme for large-scale renewables was the Renew-
ables Obligation (RO). Under this scheme, generators receive Renewables Obligation Certificates
(ROCs) for each MWh of renewable electricity produced, for up to 20 years. These certificates
can be bundled with electricity sales or sold separately on energy trading platforms. Each year,
licensed electricity suppliers are required to demonstrate compliance with the RO by submitting
a sufficient number of ROCs proportional to their total electricity sales. Suppliers that fail to meet
this requirement are obliged to pay a fixed buy-out price for each missing certificate.!

For generators, the RO scheme works as a variable feed-in premium, where they earn an extra
income on top of the electricity price (Fig. 3a). This gives generators a “produce-and-forget” incen-
tive because curtailment will only occur if the ROC price no longer covers the negative day-ahead
(DA) price. On 31 March 2017, the ROC scheme closed to new projects.?. In 2037, the scheme will
end entirely (Department for Business Energy & Industrial Strategy, 2022).

2.3.2 Contracts for Difference (2014-...)

After 2014, Great Britain implemented two-way Contracts for Difference (CfDs) as part of its Elec-
tricity Market Reform to further stimulate investment in renewable energy (Department of Energy
& Climate Change, 2014b). Unlike the RO scheme, where certificate prices reflect the administra-
tively determined buy-out price, CfD strike prices are set through competitive auctions, known as
allocation rounds (ARs), which allow for competition among projects within technology groups
and are intended to put downward pressure on prices. Successful bidders are granted a 15-year

!'Buy-out payments are pooled into a recycle fund and redistributed among suppliers that meet their obligation, in
proportion to the number of ROCs they submit (Woodman and Mitchell, 2011). Because suppliers weigh the cost of
purchasing ROCs against paying the buy-out price and forfeiting the recycle payment, the market price of ROCs is
generally close to the expected sum of the buy-out price and the recycle value for that year.

For some projects, the deadline was extended to January 2019.



contract with the government-owned Low Carbon Contracts Company (LCCC).? The strike price
is set through a uniform-price auction, where all winners within the same technology group for a
given delivery year receive the clearing price, defined by the last successful bid before the budget
cap is reached. However, each technology has an associated administrative strike price (reserve
price), which sets a ceiling on what the government is willing to pay. If the clearing price exceeds
this cap, the winning projects receive the administrative strike price instead. All strike prices are
indexed annually to the consumer price index (CPI) (Garcia et al., 2019). In the first six ARs, the
majority of the CfD portfolio consisted of intermittent generators*, with offshore wind accounting
for 48% of awarded capacity, or 15.4 GW in total, of which 3.9 GW is currently operational.

CfD payments in Great Britain are funded through the supplier obligation mechanism, a statu-
tory cost-recovery system established under the Contracts for Difference (Electricity Supplier Obli-
gations) Regulations of 2014. Under this mechanism, each licensed electricity supplier is required
to make payments to the LCCC proportional to the volume of electricity it supplies. Each quarter,
suppliers pay a daily uniform interim levy (£/MWHh) on their metered electricity supply (MWh)?>,
as well as an upfront reserve payment (£) to ensure sufficient liquidity for the LCCC. At the end of
the quarter, payments from the suppliers are compared against the actual CfD costs to ensure that
suppliers pay exactly what is required (UK Government, 2014). When the day-ahead (DA) price is
below the strike price, the LCCC covers the difference using funds from the levy. Conversely, if the
DA price is above the strike price, the generator returns the difference and the LCCC reimburses
the suppliers. Because the supplier obligation is levied on a £/MWh basis on electricity supplied,
the resulting costs or repayments are reflected in suppliers’ per-kWh retail electricity prices and
are therefore ultimately paid by consumers.

The CfD payments made by the LCCC to generators in Great Britain are calculated according
to Equation 1, using the GB hourly DA price as the reference price, referred to as the intermittent
market reference price (IMRP). Payments are based on each project’s actual metered output (in
MWh) for every hour. CfD payments are settled hourly and disbursed daily. Figure 3b illustrates.

2.3.3 Pre-Contracts for Difference or Investment Contracts (2014)

To ease the transition from ROCs to CfDs, Great Britain initially awarded Investment Contracts
(ICs) to renewable projects in 2014. These ICs were “pre-CfDs” or “early CfDs”, with strike prices
determined administratively (see Fig. 3b). During this transitional phase, eight projects were sup-
ported, including five offshore wind projects and three biomass conversion projects.

*LCCC is owned by the Secretary of State for Business, Energy and Industrial Strategy (BEIS) and is responsible for
signing CfD contracts with generators and managing the financial transactions (CfD (re)payments) associated with the
CfD scheme.

4Technologies in GB’s CfD portfolio AR 1-AR 6 include: onshore wind, offshore wind, floating offshore wind,
remote island wind, solar PV, tidal stream, advanced conversion technologies, energy from waste with combined heat
and power (CHP), dedicated biomass with CHP, and geothermal.

The interim levy rate is determined as the ratio of estimated net CfD payments costs (£) to estimated total electricity
supply (MWh).
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2.3.4 Adjustments to Contracts for Difference (2017-2022)

Great Britain’s CfD support scheme has gradually introduced safeguards to limit distortions from
negative DA prices. For all CfDs, regardless of the AR, payments are capped at the strike price
when the DA price drops below zero (EMRS, 2025). In addition, for CfD contracts awarded in
Allocation Round 2 (AR 2) and Allocation Round 3 (AR 3), GB implemented the “six-hour rule”,
which states that when prices are negative for six or more consecutive hours, no CfD payment
from the LCCC are made from the first negative hour (see Fig. 3c). This policy was introduced to
align with EU requirements to limit support when prices are negative for new support schemes
from 2016 onward (European Commission, 2014). The aim of this rule was to increase renewable
generators’ exposure to market price signals, discouraging unnecessary generation during nega-
tive prices and thereby protecting the levy payer. From Allocation Round 4 (AR 4) onward, the
policy was tightened further—no CfD payments are made for any hour with a negative DA price,
regardless of duration. This tightening was motivated by policymakers” concerns that the pre-
vious six-hour rule still allowed top-up payments during shorter negative-price periods, which
could encourage continued generation and negative bidding, thereby increasing system and con-
sumer costs (Department for Business, Energy & Industrial Strategy, 2020). As of 2024 (the end of
our sample), only offshore wind generators under ICs, AR 1, and AR 2 are operational.

2.3.5 Market-based

After being awarded a CfD and once operational conditions are met, generators are given a target
commissioning window of 12 months’, within which they can choose when to start the contract.
The 15-year CfD begins once the generator submits the start date notice to the LCCC, allowing
them to time their entry into the support scheme strategically (Department for Business Energy &
Industrial Strategy, 2017). Some offshore wind farms in Great Britain took advantage of this win-
dow to delay the official start date of their CfD contract in order to benefit from the exceptionally
high electricity prices during the 2022 energy crisis, a phenomenon also seen in other countries
such as France (Astier, 2025). This means that these offshore wind farms in GB during that period
were market-based (MB) or merchant—they were fully exposed to market prices without receiv-
ing any support (see Fig. 3d). However, from AR 5 onward, this possibility to delay the start date
has been limited, as the LCCC can issue an Unilateral Commercial Operations Notice (UCON)
once at least 80% of commissioning tests are complete, thereby fixing the contract start date uni-
laterally (Department for Energy Security & Net Zero, 2023). Figure A.1 in Appendix A presents
a timeline of the different support schemes leading up to CfDs and the different ARs in Great

Britain.

Under the EU State Aid Guidelines, member states must suspend support during negative-price hours for new
support schemes from 2016 onward, but they retain discretion over the precise conditions, such as applying the sus-
pension only after a certain number of consecutive hours (European Commission, 2014). The EU further envisages a
gradual phase-out of distortive subsidies by 2030 (European Commission, 2014).

7A target commissioning window exists to accommodate uncertainty in construction, testing, commissioning, and
grid connection.
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Figure 3. Net revenue (£/MWh) (bold black line) under different support schemes in Great
Britain. The blue line shows the hourly day-ahead (DA) price. The dashed line indicates the strike
price (SP). Panel (a) shows that net revenue in each hour under the Renewables Obligation Cer-
tificates (ROC) scheme equals the DA price (light gray area below the blue line) plus the revenue
from selling the certificates (dark gray). Panel (b) shows that net revenue for two-way Contract for
Difference (CfD) and investment contracts equals the strike price (dark gray) in hours with pos-
itive prices and the strike price plus the negative DA price in hours with negative prices. Panel
(c) shows that net revenue for CfDs with the six-hour negative-price rule equals the strike price
(dark gray) during positive-price hours but falls to zero when DA prices are negative for six or
more consecutive hours. Panel (d) shows market-based net revenue, equal to the DA price in each
hour with positive DA prices and zero otherwise, assuming that generators stop producing dur-

ing hours with negative DA prices.
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3 Data

In this section, we introduce the datasets used in this study. The main datasets include day-ahead
(DA) price data, imbalance price data, and actual generation data from offshore wind farms in
Great Britain (GB). We combine these datasets to construct a half-hourly, unit-level panel covering
the period from February 2019 to December 2024. Subsequently, we provide descriptive statistics
to summarize the key characteristics of the dataset.

Day-ahead price data. The day-ahead (DA) price dataset is obtained from the Low Carbon
Contracts Company (LCCC) (LCCC, 2023d). This dataset contains hourly observations of the
actual intermittent market reference price (IMRP) in £/MWh from 30 June 2016 to 31 December
2024. The IMRP refers to the GB DA hourly price for intermittent technologies® and is computed
as a weighted average of the DA price indices published by EPEX Spot and N2EX. We convert
the DA price to half-hourly frequency by assigning each hourly price to the two corresponding
half-hour settlement periods.

Imbalance price data. The half-hourly imbalance price dataset is obtained from Elexon
(£/MWh) (Elexon BMRS, 2024) and covers the period from 1 January 2017 to 31 December 2024.°

Generation data. By the end of 2024, 17 offshore wind projects in GB had won a Contract
for Difference (CfD). Of these, nine are live and fully operational (Department for Business, En-
ergy & Industrial Strategy, 2023): five of these projects received a CfD through an Investment
Contract (IC), one through Allocation Round 1 (AR 1), and three through Allocation Round 2
(AR 2). Other operating offshore wind farms (30 projects) in GB receive Renewables Obligation
Certificates (ROCs) as subsidy mechanism (Ofgem, 2024a). We link the CfD and ROC projects to
their Balancing Mechanism Unit (BMU) IDs (LCCC, 2023c; Elexon BMRS, n.d.d).! For all nine
CfD projects this link could be made, however, for the 30 ROC projects only 23 projects could be
linked to a unit ID. For each unit, either receiving CfDs or ROCs, we obtain unit-level half-hourly
generation data (MWh) from Elexon (Elexon BMRS, n.d.c) covering February 2019 to December
2024. Generation data are available for all nine CfD projects (24 units) and for 20 ROC projects (41
units). We further add data on capacity (MW), commissioning year, and region (Scotland, Eng-
land, or Wales) (Ofgem, 2024a; 4C Offshore, n.d.). Capacity data for CfD units are obtained from
the LCCC (LCCC, 2023b). For ROC units, we obtain capacity data from Elexon (Elexon BMRS,
2023).!'! For market-based (MB) projects, we restrict the sample to projects with periods of sus-

8Intermittent technologies include: offshore wind, onshore wind, solar, tidal stream, and wave (Department of
Energy & Climate Change, 2014a).

Elexon is a non-profit company funded by electricity market participants, responsible for managing the Balancing
and Settlement Code (BSC). The BSC sets out the rules and commercial arrangements that enable trading within the
electricity balancing market (Elexon BMRS, n.d.a).

%According to Elexon, “Balancing Mechanism (BM) Units are used as units of trade within the Balancing Mecha-
nism. Each BM Unit accounts for a collection of plant and/or apparatus, and is considered the smallest grouping that
can be independently controlled.” https://www.elexon.co.uk/bsc/operational/balancing-mechanism-
units/ Throughout the paper, “unit” refers to a BMU.

"For 16 ROC units, capacity data comes from Elexon (Elexon BMRS, 2023). For the other 25 units, capacity data
are unavailable and we proxy it using the unit’s maximum observed generation. The proxy is well-validated: for the
16 ROC units, mean installed capacity is 240.7 MW and mean observed maximum generation is 231.0 MW, with a
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tained generation output observed in Elexon data prior to the first CfD settlement date (i.e., the
date of the first CfD payment) recorded by the LCCC. This criterion yields two projects (six units)
that generate for an extended period without receiving CfD payments. Online news articles are
used to confirm that these projects and periods correspond to intentional MB operation rather
than commissioning delays. After applying the restrictions, we are left with 65 units linked to 29
projects. Table B.1 in Appendix B presents an overview of the data selection process. For the CfD
units, we include the strike price (£/MWh), the allocation round (AR), and the first settlement
date, obtained from the LCCC (LCCC, 2023a). We validate our CfD generation, price, and CfD
payment data by comparing it with daily LCCC data (Appendix C).

Table 1: Descriptive statistics for offshore wind units by support scheme in Great Britain
(2019-2024).

CfD ROC MB
IC AR1 AR2

Projects 5 1 3 20 2
Units 14 2 8 41 6
Observations 1,380,826 169,584 211,012 4,249,394 166,470
Total capacity (MW) 3,122 705 3,368 6,053 2,270
Average capacity per unit (MW) 223 352 421 148 420

(127) (0) (19) (62) (22)
Average generation capacity factor per unit (%) 0.44 0.44 0.29 0.39 0.34

(0.03) (0.01) (0.11) (0.07) (0.16)
Average strike price per unit (E/MWh) 180 148 82

(6) ) (8)
Commissioning year (Minimum - Maximum) 2017-2021 2019-2019 2021-2022 2006-2021 2022-2022
Region

England 0.80 1.00 0.67 0.75 0.50
Scotland 0.20 0.00 0.33 0.20 0.50
Wales 0.00 0.00 0.00 0.05 0.00

Notes: Unit of observation: unit-by-half-hour generation. A unit is the smallest grouping of wind turbines that can be independently
controlled. Support schemes include Renewables Obligation Certificates (ROCs), market-based (MB), or two-way Contracts for Differ-
ence (CfDs) awarded through either Investment Contracts (ICs), Allocation Round 1 (AR 1), or Allocation Round 2 (AR 2). MB units
also appear under AR 2, as those units are ultimately supported through AR 2. The average generation capacity factor is calculated as
generation (MWh) divided by installed capacity (MW). The commissioning year is reported as a range, corresponding to the earliest
and latest commissioning years observed within each support scheme. Standard deviations are reported in parentheses.

Table 1 reports the descriptive statistics for offshore wind units under the different support
schemes in Great Britain. In total, the dataset contains 6,177,286 observations at the half-hourly,
unit level, covering the period from February 2019 to December 2024. During this period, ICs
and the ROC scheme are the most represented, with 14 units related to five projects and 41 units
related to 20 projects, respectively, while AR 1 has the fewest units and projects (two units related
to one project). This is expected, as ROCs were the sole support scheme between 2002 and 2016.
By contrast, the CfD ARs are more recent, beginning with AR 1 in 2014-2015, where one offshore
project was awarded, and AR 2 in 2017, where three offshore projects were awarded. The average
installed capacity per unit increases across ICs (223 MW), AR 1 (352 MW), AR 2 (421 MW), and MB

correlation of 0.96.
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units (420 MW), while the installed capacity of ROC units is substantially lower (148 MW). The
average generation capacity factor per unit ranges from 0.29 (AR 2) to 0.44 (AR 1 and ICs). Strike
prices show a declining trend across ARs (ICs: £180/MWh, AR 1: £148/MWh, AR 2: £82/MWh).

4 Empirical strategy

41 Day-ahead market

Our identification strategy exploits a unique policy environment with multiple coexisting sub-
sidy schemes: Renewables Obligation Certificates (ROCs), early Contracts for Difference (CfDs)
obtained through Investment Contracts (ICs), CfDs in Allocation Round 1 (AR 1), and later CfDs
in Allocation Round 2 (AR 2) with a built-in “six-hour rule”. We also include market-based (MB)
generators that operated without subsidy support before activating a CfD. This policy variation
offers a natural experiment to test whether subsidy design influences generator behavior. In the
DA market, we focus on how offshore wind units adjust their output during negative-price peri-
ods, and in particular during events lasting six or more consecutive hours.

Between 2019 and 2024, we identify 78 negative-price events, defined as consecutive periods
of negative day-ahead (DA) prices, with durations ranging from one to 17 hours (see Fig. 4a).
Among these, 21 events lasted six hours or longer (see Fig. 4b). For each negative-price event,
we construct an event window covering the 12 hours (24 half-hours) preceding and the 12 hours
(24 half-hours) following the negative-price event to isolate short-run behavioral responses. As a
robustness check, we also consider alternative windows of six and 24 hours.
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Figure 4. Distribution of negative day-ahead (DA) price event durations in Great Britain (2019-
2024) (panel (a)) and the share of negative DA price hours per year (%), by event duration (<6
hours vs. >6 hours) (panel (b)). An event is defined as a sequence of consecutive hours with
negative DA prices.

We analyze all negative-price events and long negative-price events (>6 hours) separately, us-
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ing a two-way fixed-effects difference-in-differences (DiD) approach (Imbens and Wooldridge,
2007), in which treatment is unit-specific, and the “shock”—negative prices (of six hours or

longer)—occurs repeatedly over time and varies in duration. We estimate the following model:

yit = Po + B1(Treated; x NegPriceEvent,) + a; + v + €5 3)

where y; ; represents the dependent variable of interest, defined as the ratio of actual gener-
ation (MWh) in half-hour ¢ to the average generation (MWh) in the periods before and after the
event for unit 7. Treated; is a dummy equal to 1 for treated units and 0 for comparison units.
NegPriceEvent; equals 1 if half-hour ¢ falls within a negative-price event of interest, and 0 oth-
erwise. o; are unit fixed effects, absorbing all time-invariant unit characteristics such as location
or technical characteristics. v; are half-hour-of-sample fixed effects, which absorb any half-hour-
specific shocks common to all units, such as system or weather conditions. While unit and time
fixed effects mitigate many sources of heterogeneity, unobserved time-varying unit-specific fac-
tors such as changes in ownership structure, risk management, or financial constraints cannot
be fully ruled out. Identification comes from within-unit changes between event and non-event
half-hours, relative to comparison units within the same half-hour, and is captured by 3;. This
corresponds to the average treatment effect on the treated (ATT). 3y is a constant and ¢;; is the
error term.

The average generation in the periods before and after each event serves as a benchmark for the
unit’s potential output during negative-price hours.!? The estimated coefficients therefore mea-
sure the percentage change in actual generation relative to the counterfactual of generation during
hours of non-negative prices right around the event. Appendix D and Appendix E report results
using an alternative normalization—dividing generation (MWh) by installed capacity (MW)—for
all negative-price events and long negative-price events, respectively. In that specification, coeffi-
cients represent percentage-point changes relative to rated capacity. Because offshore wind farms
rarely operate at full capacity, the regression constant drops from one to roughly 0.7, indicat-
ing that units in our sample produce about 70% of their rated capacity in the hours surrounding
negative-price events (Tables D.2 and E.2). We also estimate a specification using generation in
MWh as the dependent variable, without normalization (Tables D.3 and E.3).

We estimate Equation (3) on two separate samples. First, we examine how market-based (MB)
units respond to negative prices, using all 23 negative-price events between 1 May 2022 and 27
March 2024, when MB units were operational in GB. MB units form the treated group, while sub-
sidized units (AR 1, ICs, and ROC) serve as the comparison group. MB units are fully exposed
to DA prices and therefore face direct revenue losses when prices turn negative. In contrast, sub-
sidized units receive per-MWh support payments that offset negative DA prices, eliminating the

2For comparison units (AR 1, ROC, IC), normalized generation during negative-price periods is statistically insignif-
icant from generation in the surrounding hours (coefficient = 0.050, p-value = 0.087), supporting the use of the pre- and
post-event window as a counterfactual.
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financial incentive to reduce output in those hours.!3 By contrasting these groups, we assess how
offshore wind units respond to negative prices in the absence of any subsidy support.

Second, we analyze how AR 2 units respond to extended negative-price events lasting six
hours or longer, restricting the sample to 18 such events between 30 December 2021 and 31 De-
cember 2024. In this specification, AR 2 units form the treated group and are compared to AR 1,
ICs, and ROC units. AR 2 units are exposed to the six-hour rule, which suspends support pay-
ments during negative-price events of six hours or longer, so that production during these long
negative-price hours is no longer supported and results in revenue losses. In contrast, comparison
units lack such a rule and continue to receive support payments even when prices are negative.
As aresult, treated and comparison units face different incentives during extended negative-price
hours, making this comparison informative for identifying the behavioral response to the six-hour
rule.

To assess the validity of the parallel trends assumption underlying our DiD approach, we esti-
mate an event-study specification (Appendix F). When comparing MB units with the comparison
group(s) (AR 1, ICs, and ROC) across all negative-price events (see Fig. F.1a), the estimated coef-
ficients are close to zero, indicating the absence of pre-trends. This supports the parallel trends
assumption and the validity of the DiD design (Lechner, 2011). For the long negative-price events
(>6 hours) (see Fig. F.2), we also find no significant pre-trends when comparing AR 2 units with
AR 1, ICs, and ROC units.

4.2 Balancing market

To investigate whether offshore wind farms in Great Britain treat their CfD (re)payment as an
opportunity cost in their response to the imbalance price, we exploit quasi-experimental variation
in the relationship between the day-ahead (DA) price, the strike price, and the imbalance price.
When the DA price is above the strike price, CfD generators must repay the difference; when it is
below, they receive a top-up payment. This difference (i.e., the CfD (re)payment) can change their
incentive to curtail in real time. Figure 5 illustrates the balancing market, also called the real-time
market, with the imbalance price on the x-axis. When the imbalance price is positive (i.e., to the
right of zero), the system is short of energy, so generators should not curtail but those who are
able to increase generation should. When the imbalance price is negative (i.e., to the left of zero),
the system is long and has too much energy. As a generator you can help to restore balance on the
energy market by curtailing generation. By helping the market in the correct direction, generators
receive the imbalance price. By adding to the imbalance, generators pay the imbalance price.
However, as explained earlier, the CfD payment can distort generators’ response to imbalance
prices. We test whether CfD-backed units adjust output inconsistently with imbalance prices—
starting to curtail already at positive imbalance prices when repayments are due (Ppa > Pitike)

BFor ROC units, the average buy-out ROC price (Ofgem, 2024b) is sufficiently high to cover the most negative DA
price observed in our dataset, implying no incentive to curtail in those hours. We use the buy-out price as a proxy for
the ROC price due to data limitations.
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and only at negative imbalance prices when the received payments (Pps < Piike)) N0 longer
cover the negative imbalance price.

Curtailing too early. When the DA price exceeds the strike price, CfD generators know that
they must return the difference to the government. This creates an incentive to curtail as soon as
the imbalance price falls below that refund. In that case, the imbalance price paid for deviating
from their committed generation is lower than the CfD repayment, thereby increasing net revenue.
In Equation (2), this is the case if Psyike — Ppa + Prr < 0. To capture this behavior, we divide
the CfD unit-half-hour observations in our dataset into two groups that face the same positive

imbalance price but have different curtailment incentives:

H =1, if (Ppa — Pigike) > P,
PRT >0 treated ( DA strlke) RT ( 4)

Hcomparison = 1, if (Ppa — Ferike) < 0

The treated group (Hireatea = 1, 1.23% (N = 21,713) of CfD observations) consists of observa-
tions where the difference between the DA price and the strike price is positive (Ppa > Pitrike)
and exceeds the positive imbalance price (Prr > 0). These are the observations in the dark gray
area in Figure 5a. The comparison group (Hcomparison = 1, 77.78% (N = 1,369,825) of CfD observa-
tions) are observations where the imbalance price is also positive, but the generator receives CfD
payments from the government (Ppa < Psyike), represented by the light gray area in Figure 5b.
While generators in the comparison group face the same positive imbalance price as those in the
treated group, their incentive regarding curtailment differs.

Curtailing too late. When generators receive CfD payments from the government (Pps <
Pitrike), they have an incentive to continue generating at negative imbalance prices (Prr < 0) as
long as the CfD payment offsets the imbalance price. In Equation (2), this is the case if Pyixe —
Ppa + Prr > 0. To analyze this behavior, we divide the CfD unit-half-hour observations in our
dataset accordingly:

PRT <0 Ltrea’ted = 1, if (PDA - Pstrike) < Prr (5)

Lecomparison = 1, if (Ppa — Pstrike) > 0

The treated group (Lireated = 1, 2.90% (N = 51,082) of CfD observations) consists of observa-
tions where the difference between the DA price and the strike price covers the negative imbalance
price, shown as the dark gray area in Figure 5b. The comparison group (Lcomparison = 1, 0.07%
(N = 1,265) of CfD observations) includes observations with the same negative imbalance price,
but where generators make CfD repayments to the government (Ppa > Pitike) and hence always
curtail, shown as the light gray area in Figure 5a. This contrast between treated and comparison
observations allows us to empirically estimate how CfD payments influence curtailment decisions.

For both cases, we use one-to-one nearest neighbor (NN) matching with replacement to match
each treated observation to a comparison observation with approximately the same imbalance
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Figure 5. Distortions in the balancing market due to two-way Contracts for Difference. Panel
(a) represents the imbalance price histogram of unit-half-hours with the day-ahead (DA) price
above the strike price (SP). Panel (b) represents the imbalance price histogram of unit-half-hours
with the DA price below the SP. Hyeateq in panel (a) are unit-half-hours (N = 21,713) with a posi-
tive imbalance price below (DA price — SP), while Lcomparison are unit-half-hours (N = 1,265) with a
negative imbalance price. The treated group (Liyeated) in panel (b) are unit-half-hours (N = 51,082)
with a negative imbalance price smaller in magnitude than (DA price — SP), while Hcomparison
are unit-half-hours (N = 1,369,825) with a positive imbalance price. Arrows indicate the direc-
tion of real-time (RT) curtailment and production incentives. The histograms are shown post-
matching, with 1:1 nearest neighbor (NN) matching with replacement, capped at an imbalance
price of £750/MWh for the Hireated-Hcomparison Pairs, and capped at -£15/MWh for the Lyeated-
Lcomparison for visualization. Histograms are plotted separately for each of the four groups.
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price, allowing comparison observations to be reused across multiple treated observations.*

Matching without replacement allows each comparison observation to be used only once,
which can introduce bias when few suitable comparison observations are available. This is par-
ticularly relevant in the negative imbalance price setting (curtailing too late), where the support
of the imbalance price is limited and comparable observations are scarce. Matching with replace-
ment therefore increases the sample size and improves match quality by allowing multiple treated
observations to be matched to the closest available comparison observations (Stuart, 2010). Con-
sidering the bias-variance trade-off, we prioritize reducing bias and therefore use matching with
replacement in our main specification. In the case of NN matching with replacement, we apply
matching weights in all post-matching analyses to account for multiple reuse of comparison units.

Summary statistics before and after matching (Appendix G Tables G.1, G.2, G.3, and G.4) show
that, for both positive and negative imbalance prices, matching lead to almost identical average
imbalance prices between treated and comparison groups. The standardized mean difference
(SMD)® is well below the 0.25 threshold in both cases, indicating well-balanced groups (Stuart,
2010). Figure 5 illustrates the post-matching imbalance price histograms for treated and compari-
son groups.

We estimate the following regression model to assess the effect of treatment on generation
output using the matched sample:

Yit = Po + BiTreated; s + o + Op + dg + o + Ay + €t (6)

where y; ; is generation (MWh) divided by installed capacity (MW) for unit 7 at time ¢ (i.e.,
generation capacity factor). Treated;; is a dummy equal to 1 if unit ¢ in half-hour ¢ is in the
treated group—either Hireated (PpA — Pstrike > Prr, and Prr > 0) Or Lireated (PpA — Pstrike <
Pgr, and Prr < 0)—and 0 if unit 7 in half-hour ¢ is in the comparison group—either Hcomparison
(Ppa < Psgike, and Prr > 0) or Leomparison (Ppa > Pegrike, and Prr < 0). «; are unit fixed effects
absorbing all time-invariant differences across units such as location or technical characteristics.
On, ®d, thm, and A, denote half-hour-of-day, day-of-week, month-of-year, and year fixed effects,
respectively. Time-varying unobservables at the unit level (e.g., changes in financial position)
cannot be accounted for. Identification comes from cross-sectional variation in treatment status-
—-driven by whether the DA price is above or below the unit-specific strike price—conditional
on the fixed effects, among units with similar imbalance prices. 3; captures the average treatment
effect on the treated (ATT), the difference in the generation capacity factor between treated and
comparison units with similar imbalance prices, conditional on the fixed effects. ¢;; is the error

term.

“The distance between treated and comparison observations is measured using the Mahalanobis distance on the
imbalance price, i.e., [Imbalance price, ., — Imbalance price_,, . ;.,,|/sd(Imbalance price). The imbalance price
histograms for each treated and comparison group before matching can be found in Appendix G Figure G.1a when
imbalance price > 0 and Figure G.2a when imbalance price < 0.

>The difference in means between treated and comparison groups scaled by the standard deviation.
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To examine whether treatment effects vary with the difference in magnitude between the im-
balance price and the CfD (re)payment for the treated, we extend the baseline model (Eq. (6))
with a continuous treated intensity variable T'reated intensity;; = Payike — Ppa + Prr for the
treated, which captures the realized financial incentive to deviate from committed generation, as
explained in Equation (2).!® Since the imbalance price is unknown until the end of the settlement
period, a larger ex-post treated intensity implies a stronger ex-ante incentive to deviate.!” For ex-
ample, in the case of positive imbalance prices, when the CfD repayment is £50/MWh and the
realized imbalance price is £1/MWh, the treated intensity is £49/MWh, which likely signaled a
strong ex-ante incentive to reduce generation. Conversely, when the realized imbalance price is
£49/MWh, the treated intensity is only £1/MWh, and the expected gain from deviating was small.

The strength of this ex-ante incentive depends on how accurately generators can forecast the
sign and magnitude of the imbalance price, based on day-ahead and near-real-time information
on system conditions, such as demand and generation forecast errors, net imbalance volumes,
interconnector flows, or accepted balancing actions (Deng et al., 2024). According to Bunn et al.
(2020), the typical deviation between forecasted and realized imbalance prices is on the order of
£15-20/MWh, increasing to about £20-22/MWh during more volatile and stressed system con-
ditions. Generators therefore prefer a larger gap between the imbalance price and their CfD
(re)payment as small differences can carry substantial risk: a small revision in the final settle-
ment can flip the sign, turning a profit into an unexpected loss. This consideration becomes even
stronger for more risk-averse generators, who may require a larger price gap before adjusting their
dispatch.

5 Results

5.1 Day-ahead market
5.1.1 Market-based offshore wind farms

Table 2 shows the impact of 23 negative day-ahead (DA) price events—of any duration—on
market-based (MB) offshore wind farms’ generation, obtained from the difference-in-differences
(DiD) model (Eq. (3)). Columns (1)—(3) compare MB units with the pooled comparison units sub-
sidized under Investment Contracts (ICs), Allocation Round 1 (AR 1), or Renewables Obligation
Certificates (ROCs) across three different event windows (six, 12, and 24 hours). Columns (4)—(6)
provide pairwise comparisons—MB vs. AR 1, MB vs. ICs, and MB vs. ROCs—for the 12-hour
event window. The dependent variable is the ratio of a unit’s actual average generation (MWh) in
half-hour ¢ to its average generation (MWh) before and after the negative-price event (i.e., poten-
tial generation). Across columns (1)—=(3), M B - NegPriceEvent is negative and highly statistically

1%For positive imbalance prices (curtailing too early), we take the absolute value of T'reated intensity; ; so that larger
positive values always indicate stronger incentives.

7Stronger responses at higher treated intensity may also reflect improved forecast accuracy, but we cannot identify
the precise mechanism with our data.
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significant, ranging from -0.695 to -0.828, indicating that MB units generate 70-83% less during
negative-price events than their potential generation output. Columns (4)—(6) indicate that the
size of reduction in generation varies somewhat across comparison groups but remains large and
statistically significant in all cases. These results are consistent with the fact that MB units are ex-
posed to market prices, which gives them a strong incentive to reduce generation during periods
of negative DA prices. In contrast, subsidized units continue to produce because they receive a
stable revenue regardless of the market price.

Appendix D presents two additional robustness checks. First, we also provide the results for
the six- and 24-hour windows for the comparison groups separately (Table D.1). This robustness
check provides similar results as our main specification. Second, we change the dependent vari-
able to (i) generation (MWh) normalized by installed capacity (MW) (Table D.2), and (ii) genera-
tion (MWh) (Table D.3). The normalization specification (i) indicates that MB units reduce output
by 28-33 percentage points compared to the pooled comparison group which operates at 67-74%
of installed capacity, during negative prices. The specification in levels (ii) shows a substantial ab-
solute reduction in output for MB units during negative-price periods. Both specifications confirm

our main findings.

Table 2: Impact of all negative day-ahead price events on the generation of market-based offshore
wind farms in Great Britain (2022-05-01-2024-03-27).

Comparison group
AR1+IC+ROC AR1 IC ROC
(1) 2) 3) (4) ©) (6)

MB x NegPriceEvent ~ —0.695"** —0.749*** —0.828"* —0.773*** —0.598"* —0.798"**
(0.0.068) (0.076) (0.084) (0.069) (0.105) (0.071)

Fixed effects (FE)
Time-FE Yes Yes Yes Yes Yes Yes
Unit-FE Yes Yes Yes Yes Yes Yes
Window (hours) 6 12 24 12 12 12
Negative-price events 23 23 23 23 23 23
Units 63 63 63 8 20 47
Constant 0.995 1.006 1.016 1.012 0.974 1.017
(0.002) (0.001) (0.001) (0.010) (0.005) (0.001)
Observations 45,677 70,270 114,544 7,072 21,048 51,990

Notes: Unit of observation: unit-by-half-hour generation. The dependent variable is the ratio of actual generation
(MWh) in half-hour ¢ to the average generation (MWh) in the periods before and after the negative-price event
(NegPriceEvent). An event is defined as a sequence of consecutive hours with negative day-ahead prices. The
event window (in hours) represents the number of hours before and after the event (either six, 12, or 24 hours).
The comparison group includes units under Allocation Round 1 (AR 1) (which are under the two-way Contract for
Difference (CfD) scheme), Investment Contracts (ICs) (which are under the two-way CfD scheme), and Renewables
Obligation Certificates (ROCs). The treated group consists of market-based (MB) units. Analysis period: 1 May 2022
— 27 March 2024. Standard errors in parentheses, clustered at the unit level. *p < 0.1, **p < 0.05, ***p < 0.01.
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5.1.2 Offshore wind farms under the six-hour rule

Table 3 reports the impact of the six-hour rule on AR 2 offshore wind farms’ generation, obtained
from the DiD estimates (Eq. (3)). Columns (1)—(3) compare AR 2 units with pooled comparison
units (AR 1, IC, and ROC) using event windows of six, 12, and 24 hours, respectively. Columns
(4)-(6) provide pairwise comparisons—AR 2 vs. AR 1, AR 2 vs. ICs, and AR 2 vs. ROCs—for the
12-hour event window. The dependent variable is the ratio of a unit’s actual average generation
(MWh) in half-hour ¢ to its average generation (MWh) before and after the negative-price event
(i.e., potential generation). Across columns (1)—(3), AR 2 units generate 79-93% less than their
potential output relative to the pooled comparison units during negative-price events lasting six
hours or longer. This level of curtailment is similar to, but somewhat higher than, the curtailment
response of the MB units (see Table 2). Columns (4)—(6) compare AR 2 units separately with AR 1,
IC, and ROC units. The results mirror those in columns (1)—(3): AR 2 units significantly reduce
generation during prolonged negative DA price events relative to each comparison group. The
size of the reduction varies, ranging from 62.6% (AR 2 vs. IC units) to 91.6% (AR 2 vs. ROC units).

Appendix E presents additional robustness checks. First, we provide the six- and 24-hour
windows for the comparison groups separately (Table E.1). This robustness check provides similar
results as our main specification. Second, we change the dependent variable to (i) generation
(MWh) normalized by installed capacity (MW) (Table E.2), and (ii) generation (MWh) (Table E.3).
Third, we examine whether similar curtailment behavior occurs during periods with low but still
positive DA prices between £0 and £5/MWh (Table E.4). Fourth, we restrict the sample to long
negative-price events with DA prices equal to or below -£10/MWh to focus on more extreme
market conditions (Table E.5). Finally, we merge short negative-price events that have a maximum
of six hours of positive prices between them (Table E.6). Overall, these robustness checks confirm
that the curtailment response of AR 2 units is specific to long negative-price events and remains
large and statistically significant across alternative specifications and event definitions.

We conduct several heterogeneity checks (Appendix H) by interacting the treatment with event
duration, seasonality, and time-of-day indicators. Across these specifications, the baseline treat-
ment effect remains negative and statistically significant. We find limited evidence of heterogene-
ity with respect to event duration (Table H. 1), seasonality (Table H. 2) and time of day (Table H. 3).
Finally, we examine whether the response changes over time. Table H. 4 shows that the treatment
effect was significantly lower in 2022 (56-60%) than in 2023 and 2024 (77-96%), across all event
windows. It is important to note, however, that there were only two negative-price events in 2022.

Overall, the findings show that offshore wind farms exposed to market prices react to negative
prices by curtailing their output considerably, but not completely. Full curtailment is difficult to
achieve for several reasons. First, shutting down an entire wind farm may increase wear and
tear on wind turbines, leading to increased costs in the long term. Second, generators may be
required to maintain a minimum output to provide reactive power support. Third, contractual
terms might restrict curtailment during certain periods or limit the total amount allowed over a

given time frame. Finally, ramp-up constraints might require restarting sooner to be ready when
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Table 3: Impact of the six-hour rule—which suspends support payments during negative
day-ahead price events lasting six or more consecutive hours—on generation by offshore wind
farms supported under two-way Contracts for Difference (Allocation Round 2) in Great Britain

(2021-12-30-2024-12-31).

Comparison group
AR1+IC +ROC AR1 IC ROC

(1) (2) (3) (4) (5) (6)

AR 2 x NegPriceEvent — —0.785™* —0.843"** —0.932"** —0.850""* —0.626""* —0.916™"
(0.066) (0.071) (0.077) (0.046) (0.104) (0.068)

Fixed effects (FE)

Time-FE Yes Yes Yes Yes Yes Yes

Unit-FE Yes Yes Yes Yes Yes Yes
Window (hours) 6 12 24 12 12 12
Negative-price events 18 18 18 18 18 18
Units 65 65 65 10 22 49
Constant 1.003 1.016 1.029 1.027 0.954 1.038

(0.002) (0.002) (0.001) (0.010) (0.007) (0.002)

Observations 44,516 67,421 111,915 6,646 20, 458 50,197

Notes: Unit of observation: unit-by-half-hour generation. The dependent variable is the ratio of actual generation
(MWh) in half-hour ¢ to the average generation (MWHh) in the periods before and after the negative-price event
(NegPriceEvent) for unit . An event is defined as a sequence of consecutive hours with negative day-ahead prices,
lasting six hours or longer. The window (in hours) represents the number of hours before and after the event
(either six, 12, or 24 hours). The comparison group includes units under Allocation Round 1 (AR 1) (which are
under the two-way Contract for Difference (CfD) scheme), Investment Contracts (ICs) (which are under the two-
way CfD scheme), and Renewables Obligation Certificates (ROCs). The treated group consists of Allocation Round
2 (AR 2) units (which are under the two-way CfD scheme), which are subject to the six-hour rule that suspends CfD
payments from the first hour of a negative-price event lasting six or more consecutive hours. Analysis period in
columns (1)-(6): 30 December 2021-31 December 2024. Standard errors in parentheses, clustered at the unit level.
*p <0.1,"p < 0.05 "p < 0.01.
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prices are positive again. Together, these factors could help explain why generation drops sharply
during prolonged negative-price events but rarely all the way to zero, as offshore wind operators
weigh the potential financial gains from curtailment against the potential costs and risks.

Figure 6 illustrates two negative-price events: one on 24 December 2023 lasting 10 hours, and
another on 22 December 2023 lasting 5 hours. During the negative-price event of 10 hours, the six-
hour rule is triggered for AR 2 units (Fig. 6a). This makes them decrease generation significantly,
while AR 1 and ROC units keep generation relatively stable. IC units reduce generation slightly.'
In contrast, during the shorter five-hour negative-price event, the six-hour rule is not triggered,
AR 2 units do not react to negative prices and continue producing electricity (Fig. 6b). This figure

is consistent with the results in Table 3.
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Figure 6. Illustration of two negative day-ahead (DA) price events for offshore wind units in
Great Britain, supported by Renewables Obligation Certificates (ROCs), or two-way Contract for
Difference (CfD) obtained via Investment Contracts (ICs), Allocation Round 1 (AR 1), or Allocation
Round 2 (AR 2). An event is defined as a sequence of consecutive hours with negative DA prices.
Panel (a) presents the DA price event on 2023-12-24 (00:00-10:00), which triggers the six-hour rule
for AR 2 units, suspending support payments during events with six or more consecutive hours
of negative DA prices. Panel (b) presents the negative DA price event on 2023-12-22 (01:00-06:00).
The generation ratio is the ratio of actual generation (MWh) during a negative-price event half-
hour to the average generation (MWh) in the periods before and after the event (winsorized at the
99th percentile for ROC units, for presentational clarity).

5.1.3 Generation and CfD payments during negative day-ahead price hours

In this section, we translate the findings of Sections 5.1.1 and 5.1.2 into estimates of the amount
of electricity still generated during negative-price hours and the corresponding CfD payments
made by the government for that generation. Table 4 provides a breakdown by support scheme.

8The 19 other negative DA-price events lasting six hours or longer are shown in Appendix I.
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Between February 2019 and December 2024, a total of 375 negative DA price hours occurred.
Despite market prices being below zero during these hours, offshore wind farms in our sample
generated 2.9 TWh of electricity combined, representing 1.29% of their total generation and -£19
million in market value. Our estimates suggest that 79-93% of this generation could be avoided
(see Table 3), while the remaining share may reflect technical, operational, or contractual con-
straints (see Section 5.1.2). The capacity factor, which represents the ratio of generation to capacity
during negative-price hours, shows that CfD units not subject to the six-hour rule (ICs and AR 1
units) continue to generate close to full capacity (0.76 and 0.79), while AR 2 units reduce gen-
eration capacity substantially (0.38). This lower generation capacity for AR 2 units reflects the
six-hour rule, which suspends payments during negative-price events lasting six hours or longer.
However, AR 2 units still generate more than MB units (0.21) because they continue to produce
during shorter negative-price events to which the six-hour rule does not apply. Across all sup-
port schemes, CfD payments from the government during negative-price hours totaled over £176
million (£29.35 million per year), although they represent only a small share of total generator
revenues (AR 2: 1.35%; AR 1: 1.36%; IC: 1.15%). When averaged per unit and per negative-price
half-hour, AR 1 units receive the most (£17,773), followed by IC units (£12,799), while AR 2 units
receive substantially less due to the six-hour rule (£3,320). To quantify the exact impact of the
six-hour rule, we estimate the avoided subsidy for AR 2 units during prolonged negative-price
events of six hours or more by comparing actual generation to expected generation, calculated as
the average generation in the 12 hours before and after each event. The avoided subsidy is then
computed as the difference in generation multiplied by the strike price minus the negative DA
price. This results in approximately £15 million (£95,821 per negative hour, or £4.29 million per
year) in avoided CfD payments to AR 2 units, cutting negative-price payments by 8.06% overall
and by 50.65% for AR 2 units. This illustrates the substantial effect of the six-hour rule.

In Table 5 we examine the impact of tightening the negative-price rule from the six-hour rule
to shorter durations (five to one hour) on generation behavior and subsidy payments for AR 2
units between 2019 and 2024. Under the six-hour rule, AR 2 units reduce generation on average
by 85% (see Section 5.1.2, Table 3). This reduction led to 113 GWh less generation, which saved the
government £15 million in CfD support payments. To assess how outcomes would change under
stricter rules, we extrapolate from this observed response and assume that AR 2 units would have
a similar reduction in generation in the additional hours affected by shorter suspension thresholds.
Introducing a five-hour rule would have triggered curtailment one hour earlier and, applying the
same reduction in generation as under the six-hour rule, would have resulted, on top of the six-
hour rule, in an additional 106 GWh of avoided generation during negative-price hours and £5.50
million in further CfD savings (totals: 219 GWh and £20.93 million). Introducing a one-hour rule
would have saved 312 GWh of generation during negative-price hours and 30.46 million in CfD
payments compared to no rule. In terms of market value, the six-hour rule gained £933 thousand
in market value. Restricting the six-hour rule to a one-hour rule would have an added market

value gain of £0.674 million, totaling to £1.607 million in market value saved compared to no rule.
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Table 4: Generation and two-way Contract for Difference payments during negative day-ahead
price hours by offshore wind support schemes in Great Britain (2019-2024).

CfD ROC MB  Total
IC AR1 AR2
Number of negative hours 375 375 283 375 121 375
Actual generation during negative prices
Generation (GWh) 713 172 233 1,703 53 2,874
% of scheme’s generation 1.09 131 1.86 142 047 129
Capacity factor per unit and negative-price half hour 076 079 038 076 021 0.66
Market value (£k) -4250 -1,284 -789 -12,290 -339 -18,952
CfD payments during negative prices
CfD payments (£m) 134 27 15 176
CfD payments per unit and negative-price half hour (k) 12.8 17.8 3.3 9.8
Avoided subsidy (£m) 15 15

Notes: Unit of observation: unit-by-half-hour generation (MWh). All metrics are first computed at the month-support scheme level,
and then aggregated by support scheme (IC: Investment Contract (two-way Contract for Difference (CfD)), AR 1: Allocation Round
1 (CfD), AR 2: Allocation Round 2 (CfD), ROCs: Renewables Obligation Certificates, and MB: market-based). Generation (GWh)
is defined as actual generation during negative day-ahead (DA) prices. The percentage (%) of scheme’s generation is the ratio of
generation during negative-price half-hours to total generation for that support scheme. Capacity factor per unit and negative-price
half-hour is computed as actual generation (MWh) divided by capacity (MW) during negative-price half-hours, averaged per unit
and per negative-price half-hour. The market value (£k) is the generation during negative-price half-hours times the DA price. CfD
payments during negative prices (Em) are the difference between the strike price and DA price, multiplied by actual generation during
negative DA price hours (capped at the strike price). The CfD payment per unit and per negative half-hour (£k) is defined as the CfD
payments divided by the number of units times the number of negative-price half-hours. Avoided subsidy (£m) is estimated only
for units that obtained a CfD in AR 2, during prolonged negative-price events (> six hours), as the expected generation times the
strike-minus-DA price gap (capped at the strike price), with the expected generation as the average generation in the 12 hours before
and after the event. An event is defined as a sequence of consecutive hours with negative DA prices.

However, restricting the negative-price rule to a lower hour brings loss of revenue for generators.
Compared to a situation without any rules for negative prices, the six-hour rule reduces revenues
for generators by 1.39%. Restricting to a one-hour rule reduces revenues by 1.35 percentage points
extra compared to the six-hour rule reduction, leading to 2.74% in total revenue reduction.

Even though Great Britain will suspend payments entirely during any negative DA price hour
from AR 4 onward, generators operating under earlier ARs without such a rule will continue to
generate during all (or short) negative-price events and thus receive CfD payments. In addition,
many AR 3 generators expected to become operational in the coming years will remain subject
only to the six-hour rule (5,466 MW). Since 47.20% of negative-price hours between 2019 and 2024
were part of an event lasting less than six hours, these CfD generators will continue to receive
CfD payments and produce unnecessary electricity during short negative-price events. For the
5,466 MW of auctioned AR 3 capacity, this could result, on average, in an additional £4.01 million
per year in CfD payments during negative prices on top of the £29.35 million paid per year to IC,
AR 1, and AR 2 units.”

Estimated using AR 2 generation data for 2021-05-17-2024-12-31 during hours with negative DA prices. Payments
were calculated using the average AR 3 strike price (£51.83/MWh) and scaled to the total planned AR 3 capacity of
5,466 MW. The estimate assumes unchanged DA prices and negative-hour frequency in the future.
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Table 5: Impact of stricter negative-price rules on generation, two-way Contract for Difference
payments, market value, and revenues for Allocation Round 2 units (2021-05-17-2024-12-31).

Rule Generation CfD savings ~ Market value Revenue reduction

(hours) avoided (GWh) (Em) gain (£k) for generators (%)
Added Total Added Total Added Total Added Total
6 113 113 1543 1543 933 933 1.39 1.39
5 106 219 550 2093 408 1,341  0.49 1.88
4 36 255 375 2468 142 1483 0.34 2.22
3 32 288 330 27.97 72 1,555  0.30 2.52
2 20 307 200 2997 49 1,604 0.18 2.70
1 5 312 0.48  30.46 3 1,607  0.04 2.74

Notes: Unit of observation: unit-by-half-hour generation (MWh). Rule (hours) indicates the min-
imum duration threshold for two-way Contract for Difference (CfD) payment suspension: once
negative prices persist for at least this many consecutive hours, CfD payments are suspended for
all hours within this negative-price event. Added columns report the incremental change when
moving from one rule to the next. Total columns show the cumulative change compared with
having no rule. Generation avoided (GWh) is the difference between actual generation and coun-
terfactual generation under the given rule, compared with the previous rule. For counterfactual
generation, we assume that generation reduces by 85%, as estimated under the six-hour rule for
windows of six, 12, and 24 hours for Allocation Round 2 (AR 2) units. This constant treatment
assumption should be interpreted as an illustrative extrapolation rather than a causal estimate of
responses under stricter rules. For the six-hour rule, the counterfactual generation is the average
generation in the 12 hours before and after the negative-price event. CfD savings (Em) indicate
the savings in CfD payments due to counterfactual generation levels, relative to the rule one hour
shorter. CfD payments are the difference between the strike price and day-ahead (DA) price, mul-
tiplied by actual or counterfactual generation (capped at the strike price). Market value gain (£k)
indicates the gain in DA market value resulting from counterfactual generation levels, relative to
the rule one hour before. Revenue reduction for generators (%) is the loss in revenues under each
rule relative to the rule one hour before. Analysis period: 17 May 2021-31 December 2024.
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5.2 Balancing market

Table 6 presents results on potential balancing market distortions caused by two-way Contract
for Difference (CfD) offshore wind generators. First, when CfD units have an incentive to curtail
too early (columns (1)—(4)), and second, when they have an incentive to curtail too late (columns
(5)-(8)). The average treatment effect on the treated (ATT) is reported in columns (1), (2), (5) and
(6) (Eq. (6)), while the treated intensity—defined as the difference between the CfD (re)payment
and the imbalance price for treated units—is reported in columns (3), (4), (7) and (8). Columns (2),
(4), (6), and (8) represent the results with fixed effects. The dependent variable is the generation
capacity factor, defined as the ratio of generation (MWh) to installed capacity (MW).

5.2.1 Curtailing too early

When the day-ahead (DA) price exceeds the strike price (Ppa > Pistrike), CfD units must return the
difference to the government for each MWh produced. However, as soon as the imbalance price
falls below this repayment, CfD generators can increase their revenues by curtailing generation
and paying the shortfalls at the imbalance price. Column (2) shows that CfD generators facing
this opportunity reduce their generation capacity by on average 18.6% of their installed capacity
compared to comparison units facing the same positive imbalance price but a different incentive
(Ppa < Psirike), even when the market signals a need for electricity. This strategic curtailment
could lead to upward pressure on imbalance prices and reduced market efficiency.

Columns (3) and (4) indicate how the treatment effect varies with the difference in magnitude
between the imbalance price and the CfD repayment (Ppa — Pstrike + Prr), i-€., the treated in-
tensity. When the treated intensity is low, the imbalance price lies close to the CfD repayment,
reflecting greater exposure to small price revisions and lower expected financial gains, while a
high treated intensity indicates a larger price distance between the two, reflecting lower risk and
higher expected financial gains. The coefficient on treated intensity (H¢reqteq tntensity) indicates
that for each additional £1/MWh increase in the price distance between the imbalance price and
the CfD repayment, treated units reduce their output by 0.010 percentage points on top of the
baseline decrease of -0.186. For example, this means that the capacity factor is 1 percentage points
lower at a treated intensity level of 100/MWh. Figure ].1a illustrates this relationship.

Appendix K presents several robustness checks to verify that our results are not driven by the
specific matching approach or by unobserved unit and time patterns. First, we apply alternative
matching methods, including one-to-one NN matching without replacement, radius matching
with and without replacement, and one-to-three NN matching with replacement (Table K.1). Sec-
ond, we extend the matching procedure by matching not only on the imbalance price but also on
unit, hour of day, day of week, month, and year (Table K.2). All robustness checks confirm the

main findings.
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Table 6: Balancing market distortions of two-way Contracts for Difference on the generation of

offshore wind farms in Great Britain (2021-05-17—2024-12-31).

Curtailing too early

Curtailing too late

) @ ®) S ®) (6) @) ®)
Hireated -0.198**  -0.186***  -0.186*** -0.180***
(0.029)  (0.016) (0.031) (0.016)
Hireated intensity -0.000101***  -0.000104***
(0.000032)  (0.000021)
Lireated 0.335***  0.232**  (.187*** 0.214***
(0.063)  (0.037) (0.064) (0.040)
Lireateq intensity 0.001248**  0.000622***
(0.000359)  (0.000174)

Fixed effects (FE)

Unit-FE No Yes No Yes No Yes No Yes

Hour-of-day-FE No Yes No Yes No Yes No Yes

Day-of-week-FE No Yes No Yes No Yes No Yes

Month of year-FE No Yes No Yes No Yes No Yes

Year-FE No Yes No Yes No Yes No Yes
Constant 0.429*** 0.429*** 0.351*** 0.351***

(0.016) (0.016) (0.068) (0.068)

N treated 21,713 21,713 21,713 21,713 51,082 51,082 51,082 51,082
N comparison 3,793 3,793 3,793 3,793 330 330 330 330
ESS treated 21,713 21,713 21,713 21,713 51,082 51,082 51,082 51,082
ESS comparison 820 820 820 820 66 66 66 66

Notes: Unit of observation: unit-by-half-hour generation (MWh). The dependent variable is the generation capacity factor in half-hour ¢ (genera-
tion in MWh divided by total installed capacity in MW) for unit i. Coefficients are obtained after 1:1 nearest neighbor matching with replacement.
Hireatea are observations which make Contrast for Difference (CfD) repayments to the government (day-ahead (DA) price > strike price), and
these repayments are larger than the positive imbalance price. L¢ycatca are observations which receive CfD payments from the government (DA
price < strike price), and these payments are in absolute numbers larger than the absolute imbalance price. Intensity is only estimated on the
treated sample. ESS: effective sample size. Standard errors are in parentheses and clustered at the unit level. *p < 0.1, **p < 0.05, ***p < 0.01.

30



5.2.2 Curtailing too late

If the CfD payment covers the negative imbalance price, the capacity factor of generators is 23.2
percentage points higher compared to the comparison units, which face the same imbalance price
but make repayments to the government (Ppa > Pstrike) (column (6)). This suggests that rather
than curtailing generation when imbalance prices are negative, CfD units curtail only when the
CfD payment no longer covers the negative imbalance price. By disregarding balancing price
signals and prioritizing CfD payments, CfD generators contribute to inefficient price formation in
the market. Such behavior could lead to even lower imbalance prices as they continue to produce
at prices below their variable costs.

Columns (7)—(8) indicate how the treatment effect varies with the price difference between the
imbalance price and the CfD payment, i.e., the treated intensity. The Liyeqteq intensity coefficient
shows that each additional £1/MWh increase in the gap between the imbalance price and the
CfD payment is associated with a 0.0622 percentage-point increase in output for treated units.
This means that the capacity factor is 6.2 percentage points higher at a treated intensity level of
£100/MWh. Figure J.1b illustrates this relationship. The effective sample size (ESS) for the Liyeqteq
comparison group is small, so the precise magnitude of these estimates should be interpreted
with caution, though the sign and statistical significance are stable across alternative matching
specifications (see Appendix K). First, we apply alternative matching methods (Table K.3). Second,
we extend the matching procedure by matching not only on the imbalance price but also on unit,
hour of day, day of week, month, and year (Table K.4). The results remain unchanged across these
specifications.

6 Welfare effects

6.1 Welfare effects of CfD payments during hours with negative day-ahead prices

CfD payments during hours with negative day-ahead (DA) prices lead to surplus transfers be-
tween participants in the DA market. Figure 7a illustrates. First, there is a transfer from
consumers—who pay the levies that fund the CfD payments—to offshore wind farms receiving
these payments. The net payment is A — B because generators receive A but need to pay B to
produce when the DA price is negative. In our data (2019-2024), A is £176 million or about £29.35
million per year, and B is £6.32 million or about £1.05 million per year (see Section 5.1.3), resulting
in a net transfer of £28.26 million per year. Second, there is a transfer from other producers with
negative-price bids—such as combined heat and power (CHP) with heat obligations or costly par-
tial curtailment of nuclear plants (Astier and Wolak, 2026)—to consumers, who benefit from lower
DA electricity prices (area C, estimated as approximately £9.13 million per year).?

In addition to these transfers, the CfD design gives rise to several inefficiencies. The most

»Area C' is estimated using Actual Aggregated Generation per Type (AGPT / B1620) data obtained from Elexon
(Elexon BMRS, n.d.b). For each hour with a negative DA price, negative DA prices are multiplied by the generation of
non-CfD units, calculated as total generation minus CfD generation.
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Figure 7. Welfare effects of two-way Contracts for Difference (CfDs) payments during hours
with negative day-ahead (DA) prices. The stylized supply curve consists of generation under a
CfD, other generation with negative-price bids (e.g., nuclear or combined heat and power), and
generation with positive bids.

immediate effect is a distortion in the merit order of curtailment: CfD generators continue to
produce at negative prices as long as the DA price remains above the negative of their strike price.
This leads to the curtailment of plants with truly negative short-run marginal costs, while offshore
wind with near-zero marginal cost remains in the system (Graf et al., 2020a; Jha and Leslie, 2025).
This distortion is indicated by the hatched rectangle (area D) in Figure 7a. Since we do not observe
day-ahead bids, area D can not be estimated. However, the total market value of CfD generation
during negative-price hours (area B), estimated at about £6.32 million (£1.05 million per year),
provides an upper bound on the magnitude of this inefficiency, as it reflects the market’s valuation
of avoiding such generation. Second, CfD payments to CfD generators—both during positive
and negative DA prices—increase consumer-funded levies. Because these levies are recovered
on a per-kWh basis, they raise retail prices above marginal system costs, distorting electrification
decisions, and generating deadweight loss (Borenstein and Bushnell, 2022). Considering the full
£6.35 billion of CfD payments during 2019-2024, we calculate that the £5.172/MWHh levy generates
a deadweight loss of approximately £1.65 million per year in the short run and £4.77 million in
the long run.?!’ Subtracting the £176 million in CfD payments during negative DA-price hours
from the levy revenue reduces the effective levy from £5.172 to £5.029/MWHh. This £0.143/MWh
reduction lowers the deadweight loss of the levy by £0.09 million per year in the short run and

£0.26 million per year in the long run.

. . levy? .. . .
ZTo estimate the deadweight loss, we use the formula m x |elasticity| x demand, assuming linear

demand with a short-run demand elasticity of -0.126 and a long-run demand elasticity of -0.365. The average retail
price in our sample is £244.67/MWh (obtained from Department for Energy Security and Net Zero (2024)), the average
yearly levy between 2019 and 2024 is £5.172/MWh (obtained from LCCC CfD daily levy rates (Low Carbon Contracts
Company, n.d.)), and yearly average national demand between 2019 and 2024 is 27.33 GW (obtained from NESO -
historic demand data (National Energy System Operator, n.d.)).
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Table 7: Summary of welfare effects of two-way Contracts for Difference in Great Britain
(2019-2024).

Total Per year Type

Day-ahead market

Generators receive CfD payments (A) £176m £29.35m Transfer

Neg. market value of CfD generation (B) £6.32m £1.05m Transfer

Net transfer to generators (A — B) £169.68m £28.26m Transfer

Consumer benefit of negative prices (C) £54.77m £9.13m Transfer

Merit-order inefficiency (D) < £6.32m <£1.05m  Efficiency loss

CfD levy deadweight loss (ST-LT) £9.89-28.64m £1.65-4.77m Efficiency loss
Balancing market

Curtail too early < £19.07m <£347m  Efficiency loss

Curtail too late < £26.04m <£4.53m  Efficiency loss

Notes: A is the CfD payment to offshore wind generators during negative day-ahead (DA) price hours, funded by

consumers. B is the negative market value of CfD generation during these hours, which generators pay through
the wholesale market. The net transfer (A — B) is therefore the transfer from consumers to CfD generators. C
captures the transfer from other producers with negative-price bids to consumers and is calculated as negative DA
prices multiplied by non-CfD generation. D is the DA merit-order inefficiency, bounded by the negative market
value of CfD generation during negative DA-price hours. The levy deadweight loss (short term (ST)-long term
(LT)) is reported as a range using short-run and long-run demand elasticities. For the balancing market, the curtail-
too-early estimate values curtailment of CfD generators at positive imbalance prices, while the curtail-too-late
estimate values continued generation at negative imbalance prices. Entries marked < denote upper bounds on the
magnitude of the distortion.

When CfD-backed generators no longer bid at negative prices, the inefficiency in the merit or-
der of curtailment disappears, as shown in Figure 7b. Two complications remain, however. Neg-
ative DA prices can still occur when negative-price generation exceeds net demand (e.g., due to
large amounts of price-insensitive residential rooftop solar), but renewable generation with near-
zero marginal costs will then be curtailed before curtailment of generation with truly negative
short-run marginal costs. However, this raises questions about how to deal with partial curtail-
ment of CfD-supported renewables, as those producing receive CfD payments (area £), while
curtailed generation would not (area F). Second, any fiscal savings from suspending CfD pay-
ments at negative prices risk being offset if developers price the added revenue risk into future
auction bids. The £15.43 million saved under the six-hour rule implies a strike-price increase of
£1.23/MWh or 1.5% of the average AR 2 strike price of £82/MWh—dividing the £15.43 million
in saved CfD payments by total AR 2 generation (12,519 GWh). Bids could rise by more if devel-
opers also demand compensation for uncertainty about the future frequency and magnitude of

negative-price events.

6.2 Welfare effects of CfD payments as an opportunity cost in the balancing market

When CfD (re)payments enter generators” opportunity cost in the balancing market, they curtail
too early when imbalance prices are still positive or too late when imbalance prices turn negative.
In our sample period, there are 21,713 CfD unit-half hour observations where CfD units have an
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incentive to curtail too early during positive imbalance prices. Rescaling generation with the esti-
mated 18.6% reduction implies 139 GWh of excess curtailment between 2019 and 2024 (25.2 GWh
per year), which must be replaced by non-renewable generation with positive variable costs. Val-
ued at realized imbalance prices, this corresponds to approximately £19.07 million or £3.47 million
per year, which is an upper bound on the magnitude of this inefficiency, as it reflects the market’s
valuation of the foregone generation.”? During negative imbalance prices, there are 51,082 CfD
unit-half hour observations where CfD units have an incentive to curtail too late. Applying the
estimated 23.2% adjustment implies that 1,049 GWh of generation between 2019 and 2024 (182.5
GWh per year) was not curtailed when it should have been. This corresponds to a market value of
-£26.04 million over the sample period or -£4.53 million per year, which is again an upper bound
on the magnitude of this inefficiency, as it reflects the market’s valuation of dealing with the de-

layed curtailment.?® Table 7 gives an overview of the welfare effects.

7 Conclusion

This study provides empirical evidence of the impact of two-way Contract for Difference (CfD)
subsidy schemes on the market behavior of 65 offshore wind farm units in Great Britain (GB), us-
ing a panel dataset from 2019 to 2024. We examine two markets where inefficiencies can occur: the
day-ahead (DA) market and the balancing market. Our results show that production-based sup-
port of renewables makes generators unresponsive to market signals. This led to 2.9 TWh of pro-
duction during negative DA prices between 2019 and 2024, representing 1.29% of total generation
and -£19 million in market value, costing £176 million in CfD payments. This unresponsiveness
is not a technical inevitability: offshore wind farms exposed to market prices do curtail output
when prices turn negative. In particular, we find that market-based units and Allocation Round
2 (AR 2) units under the six-hour rule reduce their generation by around 79-93% when exposed
to negative DA prices—despite technical, contractual, and wear-and-tear constraints that could
prevent large reductions. The six-hour rule led to a saving of £15 million in CfD payments, cut-
ting negative-price payments by 50.65% for AR 2 units. In the balancing market, CfD generators
use their CfD payment as an opportunity cost, distorting the market: generators curtail output
by 23.2% less when they receive payments that cover the negative imbalance price, and they cur-
tail by 18.6% more when the imbalance price drops below the payment. As the treated intensity
increases, generators react more strongly as potential financial benefits increase.

These distortions arise from the interaction between production-based support, short-run
reference prices, and real-time imbalance settlement for technologies with near-zero short-
run marginal costs. While our analysis focuses on offshore wind, these mechanisms are not
technology-specific, as generators under production-based support schemes face similar economic
incentives across technologies, although differences in operational characteristics may affect the

ZThe true welfare cost would be the system cost caused by replacing the curtailed wind with other sources of gener-
ation.
P The true welfare cost would be the actual system cost of absorbing that generation.
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magnitude of the response. Therefore, any such support design implemented in a sequential elec-
tricity market will result in similar distortions.

Several European countries have already adopted design adjustments in their newest CfD auc-
tions, e.g., prohibiting negative bids in the DA market (e.g., Ireland), suspending CfD payments af-
ter six hours of negative prices (e.g., Great Britain, Hungary, and Italy), suspending CfD payments
entirely during any negative DA-price hour (e.g., Denmark, France, Poland, and Portugal), or us-
ing a capability-based scheme with a monthly reference price that treats any negative-price hour
as a zero-price hour (e.g., Belgium) (Kitzing et al., 2024). While these designs differ in implemen-
tation, they share the objective of restoring (to differing extents) the DA market distortion by sus-
pending payments during negative-price hours, prohibiting negative price bids, or using a longer
reference price, and would result in similar benefits as the six-hour rule of Great Britain. How-
ever, most of these designs do not address distortions in subsequent markets. Only a capability-
based or production-independent scheme would resolve the balancing distortion. The European
Commission’s proposed guidance on the design of two-way CfDs (European Commission, 2025)
states that CfDs may not distort bidding behavior in the DA, intraday, or balancing markets
and proposes three options to deal with this behavior: production-dependent CfDs with sus-
pended payments during negative-price hours, fusion CfDs where payments become production-
independent during negative-price hours, or fully production-independent CfDs. While all three
options address the distortion in the DA market, only the production-independent CfD solves the
distortion in intraday or balancing markets. Member States can still choose the less efficient de-
signs, which will result in persistent inefficiencies in the real-time balancing market. At the same
time, as negative DA prices become increasingly frequent across Europe because of continued re-
newable expansion, the DA-related costs documented in this paper are likely a lower bound of

future outcomes.
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Appendix A Timeline of the different support schemes in Great

Britain
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Figure A.1. Timeline of the different support schemes in Great Britain; Renewables Obligation
Certificates (ROCs), Investment Contracts (ICs), and two-way Contracts for Difference (CfDs) (al-
location rounds (AR) (AR 1- AR 6)).
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Appendix B Data selection

Table B.1: Data selection process for offshore wind units in Great Britain (2019-2024).

CtD ROC MB Total
IC AR1 AR2
Projects 5 2 3 30 2 40
Operational projects 5 1 3 30 2 39
Projects with link to unit 5 1 3 23 2 32
Projects with Elexon generation data 5 1 3 20 2 29
Units 14 2 8 41 6 65
Start date 2019-02-01 2019-10-30 2021-05-17 2019-02-01 2022-05-01
End date 2024-12-31 2024-12-31 2024-12-31 2024-12-31 2024-03-27

Notes: A unit is the smallest grouping of wind turbines that can be independently controlled. Support schemes include
Renewables Obligation Certificates (ROCs), market-based (MB), or two-way Contracts for Difference (CfDs) obtained
via either Investment Contracts (ICs), in Allocation Round 1 (AR 1), or in Allocation Round 2 (AR 2). The total is
the sum of columns CfD (IC, AR 1, AR 2), and ROC. MB projects are also represented under AR 2 projects as the MB
projects will eventually be supported under AR 2. Source of CfD projects: Department for Business, Energy & Industrial
Strategy (2023). Source of ROC projects (Ofgem, 2024a). Source of projects link to unit (LCCC, 2023¢; Elexon BMRS,
n.d.d). Source of generation data: (Elexon BMRS, n.d.c).
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Appendix C Check with LCCC data

To ensure that our CfD dataset is fully correct, we compare our data with data from the Low Car-
bon Contracts Company (LCCC), which manages the two-way Contracts for Difference (CfDs)
payments in Great Britain (GB). The LCCC dataset provides daily data from January 2016 to De-
cember 2024, including actual generation from CfD-backed offshore wind farms and the corre-
sponding payments they received. The dataset also includes daily averages of the intermittent
market reference price (IMRP) as well as the weighted IMRP, which is calculated as a generation-
weighted IMRP based on intermittent generation. LCCC publishes this data at the CfD_ID level,
referring to the identifier associated with a specific contracted unit or project phase. This compar-
ison is limited to offshore wind farms supported by CfDs, excluding those operating under ROCs
or the ones that are MB. In total, our validation covers nine projects, representing 24 Balancing
Mechanism Units (BMUs).

Generation data. We compare our generation data obtained from Elexon (Elexon BMRS, n.d.c)
(Section 3) with the daily generation data reported by LCCC (LCCC, 2023a). Since our dataset is
at the half-hourly level per BMU, we aggregate it to daily totals at the project level. In terms of
the LCCC data, we also aggregate it at the project level, as there is not always a clear one-to-
one mapping between BMUs and CfD_IDs. Figure C.1a shows the correlation between Elexon’s
generation data and LCCC’s generation data. Even though the correlation is high (0.99), we notice
a discrepancy between Elexon’s data and LCCC’s data. Specifically, the daily generation reported
by Elexon is higher for some project-days than the daily generation published by LCCC. After
looking into each project separately, we notice that the projects Triton Knoll Offshore Wind Farm
(2021-2024) and East Anglia 1 (2020) are leading to the discrepancy. While publicly available
documentation does not allow us to explain the discrepancy for these two projects, and no similar
discrepancies are observed for other projects in the dataset, we suspect a potential rescaling issue
from MW to MWh. We therefore compute a daily correction factor as the ratio of LCCC generation
to Elexon generation data for Triton Knoll and East Anglia 1 and each day. Figure C.1b shows the
improved correlation (1.00) after applying the daily correction factor to the Elexon generation data.
We apply the daily correction factor to each half-hour of our Elexon generation data for the two
projects. The adjusted half-hourly generation data are used throughout the paper.

Day-ahead price. For the day-ahead (DA) price data, we use the hourly data published by
LCCC (IMRP) (LCCC, 2023d). However, for the calculation of the daily CfD payments, LCCC uses
the weighted IMRP. We calculate the daily (f) weighted IMRP per project (k) by weighting each
hourly (1) IMRP by the corresponding generation volume and dividing by total daily generation.
The correlation between our weighted IMRP and the weighted IMRP of LCCC of 1.00.

> 1 (IMRP}, - Actual generation,,, )
> 1 Actual generation,,,

Weighted IMRP,, = (C.1)
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CfD payments. LCCC calculates the daily (t) CfD payments per project (k) as follows:
CfD Payment,, = (Strike Price;, — Weighted IMRP,, ) - Actual Generationy, (C.2)

We use the adjusted Elexon generation data (corrected as described above) for each project and
day, together with the weighted IMRP as calculated above. The corresponding strike prices are
obtained directly from the LCCC dataset. By calculating the correlation between our CfD pay-
ments and the LCCC CfD payments, we obtain a correlation of 1.00, confirming the consistency
between our dataset and the LCCC data.
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Figure C.1. Unit of observation: project-by-daily generation. Correlation between Elexon gen-
eration data and Low Carbon Contracts Company (LCCC) generation data before and after ad-
justing the data for nine two-way Contracts for difference projects (24 units). Panels (a) and (b)
display the daily generation data per contract (MWh) correlation between the generation data
from Elexon (Elexon BMRS, n.d.c) on the y-axis and the generation data from the LCCC (LCCC,
2023a) on the x-axis. Panel (a) displays the correlation between both datasets before adjusting
any generation data. Panel (b) displays the correlation between both datasets after adjusting the
Elexon generation data for two projects with a correction factor, calculated as the ratio between
the generation from both datasets.
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Appendix D Robustness check day-ahead market: marked-based units

Table D.1: Impact of all negative day-ahead price events on the generation of market-based
offshore wind farms in Great Britain (2022-05-01-2024-03-27): robustness check with as
dependent variable actual generation (MWh) divided by potential generation.

AR1 IC ROC

1) (2) 3) 4) ) (6)
MB x NegPriceEvent —0.761%* —0.804*** —0.554** —628°* —0.740"** —0.896*"*
(0.060) (0.082) (0.095)  (0.109)  (0.064) (0.081)

Fixed effects (FE)

Time-FE Yes Yes Yes Yes Yes Yes

Unit-FE Yes Yes Yes Yes Yes Yes
Window (hours) 6 24 6 24 6 24
Negative-price events 23 23 23 23 23 23
Units 8 8 20 20 47 47
Constant 1.017 1.013 0.948 0.990 1.010 1.025

(0.014) (0.008) (0.007) (0.004) (0.002) (0.001)

Observations 4,562 11,842 13,666 34,554 33,781 84,840

Notes: Unit of observation: unit-by-half-hour generation. The dependent variable is the ratio of actual generation
(MWh) in half-hour ¢ to the average generation (MWh) in the periods before and after the negative-price event
(NegPriceEvent) for unit i. An event is defined as a sequence of consecutive hours with negative day-ahead prices.
The event window (in hours) represents the number of hours before and after the event (either six, 12, or 24 hours).
The comparison group in columns (1)—(2) are units under Allocation Round 1 (AR 1), in columns (3)-(4) under
Investment Contracts (ICs), and in columns (5)-(6) units under the Renewables Obligation Certificates (ROCs)
scheme. The treated group in each column are marked-baded (MB) units. Analysis period in columns (1)—(6):
1 May 2022-27 March 2024. Standard errors in parentheses, clustered at the unit level. *p < 0.1, **p < 0.05,
***p < 0.01.
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Table D.2: Impact of all negative day-ahead price events on the generation of market-based
offshore wind farms in Great Britain (2022-05-01-2024-03-27): robustness check with as
dependent variable actual generation (MWh) divided by capacity (MW).

Comparison group

AR 1+IC +ROC AR 1 IC ROC
(1) @) 3 (4) ) (6)

MB x NegPriceEvent —0.284** —0.312°* —0.331"* —0.357"** —0.196** —0.348*
(0.078) (0.079) (0.062) 0.077)  (0.094)  (0.078)

Fixed effects (FE)

Time-FE Yes Yes Yes Yes Yes Yes

Unit-FE Yes Yes Yes Yes Yes Yes
Window (hours) 6 12 24 12 12 12
Negative-price events 23 23 23 23 23 23
Units 63 63 63 8 20 47
Constant 0.743 0.722 0.666 0.590 0.653 0.714

(0.002) (0.001) (0.001) (0.012) (0.006) (0.002)

Observations 46, 698 71,760 116, 592 8,502 22,428 53,430

Notes: Unit of observation: unit-by-half-hour generation. The dependent variable is the ratio of actual
generation (MWHh) in half-hour ¢ to the installed capacity (MW) for unit i. An event is defined as a
sequence of consecutive hours with negative day-ahead prices. The event window (in hours) represents
the number of hours before and after the event (either six, 12, or 24 hours). The comparison group
includes units under Allocation Round 1 (AR 1) (which are under the two-way Contract for Difference
(CfD) scheme), Investment Contracts (ICs) (which are under the two-way CfD scheme), and Renewables
Obligation Certificates (ROCs). The treated group consists of market-based (MB) units. For 16 ROC
units, we obtain capacity data from Elexon (Elexon BMRS, 2023). For the other 25 units, capacity data is
unavailable and we proxy it using the unit’s maximum observed generation in our sample. Maximum
generation closely matches installed capacity (mean installed capacity: 240.7 MW vs mean observed
max generation: 231.0 MW, correlation (installed vs max observed generation): 0.96). Analysis period in
columns (1)—(6): 1 May 2022-27 March 2024. Standard errors in parentheses, clustered at the unit level.
*p < 0.1, **p < 0.05, **p < 0.01.
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Table D.3: Impact of all negative day-ahead price events on the generation of market-based
offshore wind farms in Great Britain (2022-05-01-2024-03-27): robustness check with as

dependent variable actual generation (MWh).

Comparison group

AR 1+ IC + ROC

ROC
(6)

MB x NegPriceEvent

Fixed effects (FE)
Time-FE
Unit-FE

Window (hours)

Negative-price events

Units

-70.992%+
(17.298)

Yes
Yes

12
23
47

Constant

Observations

60.946
(0.441)
53,430

Notes: Unit of observation: unit-by-half-hour generation. The dependent variable is actual generation (MWh) in half-
hour ¢t for unit i. An event is defined as a sequence of consecutive hours with negative day-ahead prices. The event
window in hours represents the number of hours before and after the event (either six, 12, or 24 hours). The com-
parison group includes units under Allocation Round 1 (AR 1) (which are under the two-way Contract for Difference
(CfD) scheme), Investment Contracts (ICs) (which are under the two-way CfD scheme), and Renewables Obligation
Certificates (ROCs). The treated group consists of market-based (MB) units. Analysis period in columns (1)-(6): 1 May
2022-27 March 2024. Standard errors are reported in parentheses and clustered at the unit level. *p < 0.1, **p < 0.05,

“*p < 0.01.



Appendix E Robustness check day-ahead market: six-hour rule (Allo-

cation Round 2 units)

Table E.1: Impact of the six-hour rule—which suspends support payments during negative
day-ahead price events lasting six or more consecutive hours—on generation by offshore wind
farms supported under two-way Contract for Difference (Allocation Round 2) in Great Britain

(2021-12-30-2024-12-31): robustness check with as dependent variable actual generation (MWh)

divided by potential generation.

ROC

(4)

(5) (6)

AR 2 x NegPriceEvent

Fixed effects (FE)
Time-FE
Unit-FE

Window (hours)
Negative-price events
Units

—0.885"**

—0.672%*
(0.114)

Yes
Yes

24
18
22

—0.847%*  —1.019%**
(0.063)  (0.073)

Constant

Observations

0.982
(0.005)
33,910

Yes Yes
Yes Yes
6 24
18 18
46 46
1.032 1.046

(0.003) (0.001)
33,176 83,261

Notes: Unit of observation: unit-by-half-hour generation. The dependent variable is the ratio of actual generation
(MWh) in half-hour ¢ to the average generation (MWh) in the periods before and after the negative-price event (Neg-
PriceEvent) for unit ¢. An event is defined as a sequence of consecutive hours with negative day-ahead prices, lasting
six hours or longer. The event window in hours represents the number of hours before and after the negative DA price
event (either six or 24 hours).The comparison group includes units under Allocation Round 1 (AR 1) (which are under
the two-way Contract for Difference (CfD) scheme), Investment Contracts (ICs) (which are under the two-way CfD
scheme), and Renewables Obligation Certificates (ROCs). The treated group consists of Allocation Round 2 (AR 2)
units (which are under the two-way CfD scheme), which are subject to the six-hour rule that suspends CfD payments
from the first hour of a negative-price event lasting six or more consecutive hours. Analysis period in columns (1)-(6):
30 December 2021-31 December 2024. Standard errors in parentheses, clustered at the unit level. *p < 0.1, **p < 0.05,

**p < 0.01.

49



Table E.2: Impact of the six-hour rule—which suspends support payments during negative
day-ahead price events lasting six or more consecutive hours—on generation by offshore wind
farms supported under two-way Contract for Difference (Allocation Round 2) in Great Britain
(2021-12-30-2024-12-31): robustness check with as dependent variable actual generation (MWh)

divided by capacity (MW).

Comparison group

AR1+IC +ROC AR1 IC ROC
@ (2) ®) (4) ®) (6)

AR 2 x NegPriceEvent —0.382 —0.403°* —0.415"* —0.459"* —0.243* —0.426*"*
(0.043) (0.036) (0.029) (0.034) (0.066) (0.024)

Fixed effects (FE)

Time-FE Yes Yes Yes Yes Yes Yes

Unit-FE Yes Yes Yes Yes Yes Yes
Window (hours) 6 12 24 12 12 12
Negative-price events 18 18 18 18 18 18
Units 65 65 65 10 22 49
Constant 0.720 0.706 0.657 0.638 0.646 0.692

(0.001) (0.001) (0.000) (0.008) (0.005) (0.001)

Observations 44,494 67,401 111,895 6,926 20,844 50,920

Notes: Unit of observation: unit-by-half-hour generation. The dependent variable is the ratio of actual generation
(MWh) in half-hour ¢ to installed capacity (MW) for unit ¢. An event is defined as a sequence of consecutive hours
with negative day-ahead prices, lasting six hours or longer. The window in hours represents the number of hours
before and after the event (either six, 12, or 24). The comparison group includes units under Allocation Round 1
(AR 1) (which are under the two-way Contract for Difference (CfD) scheme), Investment Contracts (ICs) (which are
under the two-way CfD scheme), and Renewables Obligation Certificates (ROCs). The treated group consists of
Allocation Round 2 (AR 2) units (which are under the two-way CfD scheme), which are subject to the six-hour rule
that suspends CfD payments from the first hour of a negative-price event lasting six or more consecutive hours. For
16 ROC units, we obtain capacity data from Elexon (Elexon BMRS, 2023). For the other 25 units, capacity data is
unavailable and we proxy it using the unit’s maximum observed generation in our sample. Maximum generation
closely matches installed capacity (mean installed capacity: 240.7 MW vs mean observed max generation: 231.0 MW,
correlation (installed vs max observed generation): 0.96). Analysis period in columns (1)—(6): 30 December 2021-31
December 2024. Standard errors in parentheses, clustered at the unit level. *p < 0.1, **p < 0.05, ***p < 0.01.
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Table E.3: Impact of the six-hour rule—which suspends support payments during negative
day-ahead price events lasting six or more consecutive hours—on generation by offshore wind
farms supported under two-way Contract for Difference (Allocation Round 2) in Great Britain

(2021-12-30-2024-12-31): robustness check with as dependent variable actual generation (MWh).

Comparison group
AR 1 +1IC + ROC AR1 IC ROC
(1) @) ®) (4) () (6)

AR 2 x NegPriceEvent —T2.136%* —T1.947** —66.518** —05.663** —51.806** —79.055*
(8.230) (6.743) (5.298) (7.969)  (11.439)  (6.384)

Fixed effects (FE)

Time-FE Yes Yes Yes Yes Yes Yes
Unit-FE Yes Yes Yes Yes Yes Yes
Window (hours) 6 12 24 12 12 12
Negative-price events 18 18 18 18 18 18
Units 65 65 65 10 22 49
Constant 65.344 64.638 60.521 127.554 82.839 58.567
(0.281) (0.152) (0.072) (1.770) (0.844) (0.193)
Observations 45,050 68,250 113,266 6,926 20, 844 50, 920

Notes: Unit of observation is unit-by-half-hour generation. The dependent variable is actual generation (MWh) in half-
hour ¢ for unit i. An event is defined as a sequence of consecutive hours with negative day-ahead prices lasting six hours
or longer. The event window represents the number of hours before and after the event (either 6, 12, or 24 hours). The
comparison group includes units under Allocation Round 1 (AR 1) (which are under the two-way Contract for Differ-
ence (CfD) scheme), Investment Contracts (ICs) (which are under the two-way CfD scheme), and Renewables Obligation
Certificates (ROCs). The treated group consists of Allocation Round 2 (AR 2) units (which are under the two-way CfD
scheme), which are subject to the six-hour rule that suspends CfD payments from the first hour of a negative-price event
lasting six or more consecutive hours. The analysis period for columns (1)-(6) is 30 December 2021-31 December 2024.
Standard errors are reported in parentheses and clustered at the unit level. *p < 0.1, **p < 0.05, ***p < 0.01.
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Table E.4: Robustness check low, but positive day-ahead prices:
impact of the six-hour rule on Allocation Round 2 offshore wind
farms in Great Britain.

Comparison group: AR 1 + IC + ROC

1 2) ®3)
AR 2 x LowPriceFEvent —-0.171 —0.188 —0.205*
(0.135) (0.148) (0.123)
Fixed effects (FE)
Time-FE Yes Yes Yes
Unit-FE Yes Yes Yes
Window (hours) 6 12 24
Low-price events 5 5 5
Units 65 65 65
Constant 1.048 1.056 1.037
(0.002) (0.001) (0.000)
Observations 10,936 17,848 31,888

Notes: Unit of observation is unit-by-half-hour generation. The dependent vari-
able is the ratio of actual generation (MWh) in half-hour ¢ to the average genera-
tion (MWh) in the periods before and after the low-price event (LowPriceEvent)
for unit i. The indicator LowPriceEvent equals 1 during low-price event hours
(day-ahead price in [0,5] for at least six consecutive hours). The window (in
hours) represents the number of hours before and after the event (either six, 12,
or 24 hours). The comparison group includes units under Allocation Round 1
(AR 1) (which are under the two-way Contract for Difference (CfD) scheme), In-
vestment Contracts (ICs) (which are under the two-way CfD scheme), and Re-
newables Obligation Certificates (ROCs). The treated group consists of Alloca-
tion Round 2 (AR 2) units (which are under the two-way CfD scheme), which are
subject to the six-hour rule that suspends CfD payments from the first hour of a
negative-price event lasting six or more consecutive hours. Standard errors clus-
tered at the unit level are in parentheses. Significance: * p < 0.10, ** p < 0.05, ***
p < 0.01.
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Table E.5: Robustness check: impact of long negative-price events
with a day-ahead price equal to or below -£10 on Allocation
Round 2 offshore wind farms in Great Britain.

Comparison group: AR 1 + IC + ROC

1) 2) (©)
AR 2 x NegPriceFBvent —0.877**  —0.882***  —(.920***
(0.039) (0.041) (0.053)
Fixed effects (FE)
Time-FE Yes Yes Yes
Unit-FE Yes Yes Yes
Window (hours) 6 12 24
Negative-price events 6 6 6
Units 59 59 59
Constant 1.018 1.066 1.072
(0.000) (0.000) (0.000)
Observations 12,112 16, 336 27,424

Notes: Unit of observation is unit-by-half-hour generation. The dependent vari-
able is the ratio of actual generation (MWh) in half-hour ¢ to the average gen-
eration (MWh) in the periods before and after the negative-price event (Neg-
PriceEvent) for unit . The indicator NegPriceEvent equals 1 during negative-
price event hours (day-ahead price equal to or below -10 for at least six consecu-
tive hours) and 0 in the pre- and post-event hours. The window (in hours) repre-
sents the number of hours before and after the event (either six, 12, or 24 hours).
The comparison group includes units under Allocation Round 1 (AR 1) (which
are under the two-way Contract for Difference (CfD) scheme), Investment Con-
tracts (ICs) (which are under the two-way CfD scheme), and Renewables Obliga-
tion Certificates (ROCs). The treated group consists of Allocation Round 2 (AR 2)
units (which are under the two-way CfD scheme), which are subject to the six-
hour rule that suspends CfD payments from the first hour of a negative-price
event lasting six or more consecutive hours. Standard errors clustered at the unit
level are in parentheses. Significance: * p < 0.10, ** p < 0.05, *** p < 0.01.
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Table E.6: Robustness check: impact of merging short
negative-price events separated by at most six hours of positive
prices on Allocation Round 2 offshore wind farms in Great Britain.

Comparison group: AR 1 +IC + ROC

(1) 2) 3)
AR 2 x NegPriceEvent 0.064 0.150 0.085
(0.147) (0.125) (0.108)
Fixed effects (FE)
Time-FE Yes Yes Yes
Unit-FE Yes Yes Yes
Window (hours) 6 12 24
Merged events 3 3 3
Units 65 65 65
Constant 1.067 1.052 1.055
(0.008) (0.005) (0.002)
Observations 8,979 13,419 22,299

Notes: Unit of observation is unit-by-half-hour generation. The dependent vari-
able is the ratio of actual generation (MWh) in half-hour ¢ to the average gen-
eration (MWh) in the periods before and after the negative-price event (Neg-
PriceEvent) for unit 3. The indicator NegPriceEvent equals 1 during neg-price
event hours (three events with a maximum of six hours of positive prices between
them) and 0 in the pre- and post-event hours. The window (in hours) represents
the number of hours before and after the event (either six, 12, or 24 hours). The
comparison group includes units under Allocation Round 1 (AR 1) (which are
under the two-way Contract for Difference (CfD) scheme), Investment Contracts
(ICs) (which are under the two-way CfD scheme), and Renewables Obligation
Certificates (ROCs). The treated group consists of Allocation Round 2 (AR 2)
units (which are under the two-way CfD scheme), which are subject to the six-
hour rule that suspends CfD payments from the first hour of a negative-price
event lasting six or more consecutive hours. Standard errors clustered at the unit
level are in parentheses. Significance: * p < 0.10, ** p < 0.05, *** p < 0.01.
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Appendix F Tests for parallel trends assumption

To test the parallel trend assumption, we estimate an event-study specification. Instead of the
single treatment interaction (T'reated; x NegPriceFvent;) in Equation 3, we include a series of
interaction terms between the treatment indicator and event-time dummies. We estimate the fol-

lowing specification:

Vit = Z Br x Treated; x Dy + o + 7 +€iy (E1)
k#—1

where y; ; is the ratio of actual generation (MWh) in half-hour ¢ to the average generation
(MWHh) in the periods before and after the event for unit i. Treated; is a dummy for the treatment
group, 1 for market-based (MB) units for all negative-price events and for two-way Contracts
for Difference (CfDs) obtained in Allocation Round 2 (AR 2) for long negative events (six hours
or longer), 0 for the comparison group (Renewables Obligation Certificates (ROCs), Allocation
Round 1 (AR 1), or Investment Contracts (ICs)). Dy is a dummy variable equal to 1 if time ¢
corresponds to half-hour & relative to the start of a negative-price event, and 0 otherwise. We omit
the dummy for £ = —1 so that the negative-price period effects are relative to the hour before
the start. We further normalize the estimated coefficients by subtracting the mean of all 24 pre-
event period coefficients (treating the omitted k£ = —1 coefficient as zero). «; are unit fixed effects
and ; are half-hour-of-sample fixed effects. The coefficients of interest, 3), estimates the effect of
being in the treated group at each event time. ¢;; is the error term. We estimate the regression
separately for each comparison group (ROCs, AR 1, or ICs), for both all negative-price events and
long negative-price events.

Figure F.1 presents the results for all negative-price events, where we compare MB units with
those receiving a fixed strike price per MWh produced (IC and AR 1 units) and those receiving
certificates (ROC units). Each panel compares MB units with a different comparison group—
the pooled group of AR 1, IC, and ROC units (panel (a)), AR 1 (panel (b)), ICs (panel (c)), and
ROCs (panel (d)). The estimated coefficients in the 24 half-hours before the negative-price event
hours are close to zero, indicating no evidence of differential pre-trends between MB units and the
comparison before negative prices occur. During negative-price event hours, the coefficients drop
below zero, suggesting that MB units tend to reduce their generation relative to the comparison
groups. Following the negative-price event hours, the estimated coefficients return to values close
to zero.

The results for long negative-price events (six hours or longer) are shown in Figure F2. We
tind no evidence of differential pre-trends between AR 2 units and their comparison groups—the
pooled comparison group (AR 1, IC, and ROC) (panel (a)), AR 1 (panel (b)), ICs (panel (c)), and
ROCs (panel (d))—in the 24 half-hours before the negative-price events. The estimated coefficients
are close to zero, supporting the parallel trends assumption. For all comparison groups, the trend
breaks after the start of the negative-price event, as the estimated coefficients become negative.

In addition, we report formal joint F-tests of all 24 pre-event half-hour coefficients and half-
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hour-by-half-hour t-tests of each pre-event coefficient against the pre-period mean (Table F.1). The
joint test rejects the null for all comparisons, driven by the large sample size (p-value < 0.05). The
half-hour-by-half-hour tests show that at most 3 out of 24 pre-event half-hours show individually
significant deviations for the AR 2 analysis, and 5 out of 24 for the primary MB comparison (MB
vs pooled). The exception is MB vs IC, where 8 out of 24 half-hours are individually significant,
reflecting the small size of that comparison group (20 units). In no case does the event-study figure
show a systematic directional pre-trend, and all pre-period deviations are an order of magnitude

smaller than the estimated treatment effects.

Table F.1: Summary of half-hour-by-half-hour pre-event tests comparing each pre-event
coefficient to the average pre-period difference.

Comparison Significant half-hours (5%) Max abs deviation Mean abs deviation
MB vs AR 1 1 0.200 0.087
MB vs ROC 2 0.174 0.068
MB vs IC 8 0.200 0.098
MB vs AR 1 + IC + ROC 5 0.174 0.074
AR2vs AR 1 3 0.124 0.053
AR 2 vs ROC 1 0.090 0.033
AR2vsIC 2 0.138 0.058
AR2vs AR1 +IC + ROC 1 0.101 0.033

Notes: The table reports results from half-hour-by-half-hour tests of pre-event parallel trends, where each pre-event
coefficient is tested against the average pre-period difference between the treated and comparison group. The number
of half-hours with statistically significant deviations at the 5% level is reported out of 24 total pre-event half-hours.
Max and mean absolute (abs) deviations are expressed in the normalized generating ratio, i.e. observed generation
divided by installed capacity). Support schemes include Investment Contracts (ICs), Allocation Round 1 (AR 1), and
Allocation Round 2 (AR 2), which are under the two-way Contract for Difference (CfD) scheme, as well as Renewables
Obligation Certificates (ROCs) and market-based (MB).
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Figure F1. Event-study estimates assessing the parallel trends assumption across different
support schemes. Each panel shows estimated coefficients from the event-study specification
(Eq. (F1)), where k indexes event time (half-hours relative to the start of a negative-price event).
Panel (a) compares market-based (MB) units with the pooled comparison group (Allocation
Round 1 (AR 1), Investment Contracts (ICs), and Renewables Obligation Certificates (ROCs)).
Panel (b) compares MB with AR 1. Panel (c) compares MB with ICs. Panel (d) compares MB with
ROCs. The coefficients reflect the ratio of actual generation (MWh) in half-hour ¢ to the expected
generation in the pre- and post-event periods for unit i. Coefficients are normalized by subtracting
the mean of all 24 pre-event coefficients (treating the omitted £ = —1 coefficient as zero). Error
bars represent 95% confidence intervals, clustered at the unit level. Vertical dotted lines mark the
negative-price event start and end.
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Figure F2. Event-study estimates assessing the parallel trends assumption across different
support schemes. Each panel shows the estimated coefficients from the event-study specification
(Eq. (F1)), where k indexes event time (half-hours relative to the start of a negative-price event).
Panel (a) compares Allocation Round 2 (AR 2) units with the pooled comparison group (Allocation
Round 1 (AR 1), Investment Contracts (ICs), and Renewables Obligation Certificates (ROCs)).
Panel (b) compares AR 2 with AR 1. Panel (c) compares AR 2 with IC. Panel (d) compares AR 2
with ROC. The estimated coefficients reflect the ratio of actual generation (MWh) in half-hour ¢ to
the average generation (MWh) in the periods before and after the event for unit i. Coefficients are
normalized by subtracting the mean of all 24 pre-event coefficients (treating the omitted k£ = —1
coefficient as zero). The error bars represent 95% confidence intervals, clustered at the unit level.
Vertical dotted lines mark the negative-price event start and end.
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Appendix G Matching procedure

Table G.1: Balance diagnostics before matching (treated vs comparison) when the imbalance
price is positive (curtailing too early).

Treated Comparison t-stat SMD

Total observations 21,713 1,369,825
% of total CfD observations 1.23 77.78
Units 24 24
Mean imbalance price (£/MWh) 153.46 75.80 12643 1.03
(0.61) (0.05)
Mean capacity (MW) 310.73 240.50 80.05  0.55
(0.87) (0.11)
Mean generation per unit-half hour (MWh)  34.35 51.27 -55.69  -0.34
(0.30) (0.05)
Mean strike price (£/MWh) 142.59 170.90 -104.70 -0.83
(0.27) (0.02)
Mean turbine power (MW) 7.76 6.96 89.21 0.73
(0.01) (0.00)
Mean turbine diameter (m) 157.90 155.36 7545  0.59
(0.03) (0.00)
Region
England 0.82 0.74 3046  0.19
Scotland 0.18 0.26 -3046 -0.19
Allocation round
Allocation Round 1 0.12 0.09 12.82  0.09
Allocation Round 2 0.35 0.07 8725 074
Investment Contract 0.53 0.84 -91.69 -0.71
Turbine manufacturer
Siemens (SWT) 0.61 0.87 -76.36  -0.60
Siemens Gamesa (SG) 0.01 0.01 1.16 0.01
Vestas 0.37 0.12 76.64  0.61

Notes: Unit of observation: unit-by-half-hour generation (MWh). Treated observations correspond to off-
shore wind units that make Contract for Difference (CfD) repayments to the government (day-ahead price
> strike price) and this repayment is larger than the positive imbalance price. Comparison observations
correspond to offshore wind units that receive CfD payments from the government (day-ahead price <
strike price). The ¢-statistic is computed from a two-sample Welch ¢-test. The standardized mean difference
(SMD) measures covariate balance between the treated and comparison group and is calculated as the dif-
ference in treated and comparison means divided by the pooled standard deviation. Well balanced: SMD
< 0.1, moderate imbalance: 0.1 < SMD < 0.25, large imbalance: SMD > 0.25 (Stuart, 2010). Standard
deviations in parentheses.
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Table G.2: Balance diagnostics before matching (treated vs comparison) when the imbalance
price is negative (curtailing too late).

Treated Comparison t-stat SMD

Total observations 51,082 1,265
% of total CfD observations 2.90 0.07
Units 24 24
Mean imbalance price (E/MWh) -25.49 -34.90 16.01 0.44
(0.10) (0.58)
Mean capacity (MW) 265.83 327.86 -17.69 -0.49
(0.58) (3.46)
Mean generation per unit-half hour (MWh)  88.57 65.04 13.09 0.37
(0.29) 1.77)
Mean strike price (E/MWh) 168.64 131.31 3242 0.92
(0.18) (1.14)
Mean turbine power (MW) 7.20 7.88 -18.85 -0.59
(0.00) (0.04)
Mean turbine diameter (m) 156.42 158.77 -15.76 -0.48
(0.02) (0.15)
Region
England 0.73 0.78 -3.47 -0.10
Scotland 0.27 0.22 3.47 0.10
Allocation round
Allocation Round 1 0.09 0.13 -453 -0.14
Allocation Round 2 0.17 0.43 -18.27 -0.58
Investment Contract 0.74 0.44 21.20 0.64
Turbine manufacturer
Siemens (SWT) 0.77 0.54 16.14 0.50
Siemens Gamesa (SG) 0.05 0.07 -3.52 -0.11
Vestas 0.18 0.38 -14.67 -0.46

Notes Unit of observation: unit-by-half-hour generation (MWh). Treated observations correspond to off-
shore wind units that receive Contract for Difference (CfD) payments from the government (day-ahead
price < strike price) and this payment exceeds the absolute value of the imbalance price. Comparison
observations correspond to offshore wind units that make CfD repayments to the government (day-ahead
price > strike price). The t-statistic is computed from a two-sample Welch t-test. The standardized mean
difference (SMD) measures covariate balance between the treated and comparison group and is calculated
as the difference in treated and comparison means divided by the pooled standard deviation. Well bal-
anced: SMD< 0:1, moderate imbalance: 0:1 < SMD < 0:25, large imbalance: SMD > 0:25 (Stuart, 2010).
Standard deviations in parentheses.
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Table G.3: Balance diagnostics after 1:1 NN matching with replacement (treated vs comparison)
when the imbalance price is positive (curtailing too early).

Treated Comparison t-stat SMD

Total observations 21,713 3,793
% of total CfD observations 1.23 0.22
Units 24 9
Mean imbalance price (E/MWh) 153.46 153.46 0.00 0.00
(0.61) (3.15)
Mean capacity (MW) 310.73 247.75 17.65 0.55
(0.87) (3.46)
Mean generation per unit-half hour (MWh)  34.35 54.32 -10.22 -0.40
(0.30) (2.93)
Mean strike price (E/MWh) 142.59 179.35 -79.18 -1.26
(0.27) (0.38)
Mean turbine power (MW) 7.76 7.10 43.15 0.68
(0.01) (0.01)
Mean turbine diameter (m) 157.90 155.04 25,51 0.70
(0.03) (0.11)
Region
England 0.82 0.63 1093 043
Scotland 0.18 0.37 -10.93 -0.43
Allocation round
Allocation Round 1 0.12 0.00 54.89 0.53
Allocation Round 2 0.35 0.00 89.40 1.02
Investment Contract 0.53 1.00 -116.99 -1.32
Turbine manufacturer
Siemens (SWT) 0.61 0.90 -25.17 -0.69
Siemens Gamesa (SG) 0.01 0.00 17.35 0.17
Vestas 0.37 0.10 23.96 0.66

Notes Unit of observation: unit-by-half-hour generation (MWh). Treated observations correspond to off-
shore wind units that make Contract for Difference (CfD) repayments to the government (day-ahead price

> strike price) and this repayment is larger than the positive imbalance price. Comparison observations
correspond to offshore wind units that receive CfD payments from the government (day-ahead price <
strike price). The reported means after matching are weighted using the analysis weights from by the 1:1
nearest-neighbor (NN) matching with replacement. The t-statistic is computed as a weighted two-sample
Welch statistic using effective sample sizes derived from the matching weights. The standardized mean dif-
ference (SMD) measures covariate balance between the treated and comparison group and is calculated as
the difference in treated and comparison means divided by the pooled standard deviation. Well balanced:
SMD < 0:1, moderate imbalance: 0:1 < SMD < 0:25, large imbalance: SMD > 0:25 (Stuart, 2010). Standard
deviations in parentheses.

61



Table G.4: Balance diagnostics after 1:1 NN matching with replacement (treated vs comparison)
when the imbalance price is negative (curtailing too late).

Treated Comparison t-stat SMD

Total observations 51,082 330
% of total CfD observations 2.90 0.02
Units 24 9
Mean imbalance price (E/MWh) -25.49 -25.45 -0.01 -0.00
(0.10) (2.71)
Mean capacity (MW) 265.83 399.12 -15.95 -1.28
(0.58) (8.34)
Mean generation per unit-half hour (MWh)  88.57 71.27 233 0.28
(0.29) (7.43)
Mean strike price (E/MWh) 168.64 97.57 21.40 2.05
(0.18) (3.32)
Mean turbine power (MW) 7.20 8.92 -14.66 -1.74
(0.00) (0.12)
Mean turbine diameter (m) 156.42 162.87 -13.49 -1.54
(0.02) (0.48)
Region
England 0.73 0.78 -0.96 -0.11
Scotland 0.27 0.22 096 0.11
Allocation round
Allocation Round 1 0.09 0.08 0.29 0.04
Allocation Round 2 0.17 0.85 -15.26 -1.83
Investment Contract 0.74 0.08 20.32 1.84
Turbine manufacturer
Siemens (SWT) 0.77 0.15 14.03 1.59
Siemens Gamesa (SG) 0.05 0.13 -2.01 -0.30
Vestas 0.18 0.72 -9.69 -1.28

Notes Unit of observation: unit-by-half-hour generation (MWh). Treated observations correspond to
offshore wind units that receive Contract for Difference (CfD) payments from the government (day-ahead
price < strike price) and this payment exceeds the absolute value of the imbalance price. Comparison
observations correspond to offshore wind units that make CfD repayments to the government (day-ahead
price > strike price). The reported means after matching are weighted using the analysis weights from by
the 1:1 nearest-neighbor (NN) matching with replacement. The t-statistic is computed as a weighted two-
sample Welch statistic using effective sample sizes derived from the matching weights. The standardized
mean difference (SMD) estimates the covariate balance between the treated and comparison group and is
calculated as the difference in treated and comparison means divided by the pooled standard deviation.
Well balanced: SMD < 0:1, moderate imbalance: 0:1 < SMD < 0:25, large imbalance: SMD > 0:25 (Stuart,
2010). Standard deviations in parentheses.
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Table G.5: Imbalance price before and after matching when the imbalance price is positive
(curtailing too early).

Curtailing too early Treated Comparison t-stat SMD
Before matching

Observations 21,713 1,369,825

Imbalance price (£) 153.46 75.80 -126.43 1.03

(90.23) (56.92)

Before matching

NN without replacement

Observations 21,713 21,713

Imbalance price (£) 153.46 153.37 4.61 0.00
(90.23) (90.05)

Radius with replacement

Observations 21,691 3,788
Effective sample size 21,691 806
Imbalance price (£) 153.18 153.17 0.00 0.00

(89.80) (89.79)

Radius without replacement

Observations 21,372 21,372

Imbalance price (£) 150.12 149.98 2754 0.00
(86.55) (86.29)

NN 1:3 with replacement

Observations 21,713 9,290
Effective sample size 21,713 2,445
Imbalance price (£) 153.46 153.46 0.00 0.00

(90.23) (90.21)

Notes Unit of observation: unit-by-half-hour generation (MWh). NN: nearest
neighbor matching. Treated observations correspond to offshore wind units that
make Contract for Difference (CfD) repayments to the government (day-ahead
price > strike price) and this repayment is larger than the positive imbalance
price. Comparison observations correspond to offshore wind units that receive
CfD payments from the government (day-ahead price < strike price). The re-
ported t-statistic is a paired t-test on within-pair differences for matching with-
out replacement, and a weighted Welch t-test for matching with replacement.
The Standardized Mean Difference (SMD) measures covariate balance between
the treated and comparison group and is calculated as the difference in treated
and comparison means divided by the pooled standard deviation (after matching
with replacement it is computed using matching weights). Well balanced: SMD <
0.10, moderate imbalance 0.10< SMD < 0.25, large imbalance: SMD> 0.25. The
effective sample size accounts for the reuse of comparison units and reports the
number of independent observations to which the weighted comparison group is
equivalent. Standard errors in parentheses.
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Table G.6: Imbalance price before and after matching when imbalance price is negative
(curtailing too late).

Curtailing too late Treated Comparison t-stat SMD

Before matching

Observations 51,082 1,265

Imbalance price (£) -25.49 -34.90 -16.01 0.44
(22.28) (20.61)

After matching

NN without replacement

Observations 1,265 1,265

Imbalance price (£) -35.52 -34.90 -1.50 -0.03
(27.92) (20.61)

Radius with replacement

Observations 50,589 328

Effective sample size 50,589 65

Imbalance price (£) -24.84 -24.86 0.01 0.00
(21.30) (21.30)

Radius without replacement

Observations 1,263 1,263

Imbalance price (£) -32.76 -34.80 326.53 0.10
(20.61) (20.48)

NN 1:3 with replacement

Observations 51,082 589

Effective sample size 51,082 152

Imbalance price (£) -25.49 -25.50 0.01 0.00
(22.28) (21.94)

Notes Unit of observation: unit-by-half-hour generation (MWh). NN: 1:1 near-
est neighbor matching. Treated observations correspond to offshore wind units
that receive Contract for Difference (CfD) payments from the government (day-
ahead price < strike price) and this payment exceeds the absolute value of the im-
balance price. Comparison observations correspond to offshore wind units that
make CfD repayments to the government (day-ahead price > strike price). The
reported t-statistic is a paired t-test on within-pair differences for matching with-
out replacement, and a weighted Welch t-test for matching with replacement.
The Standardized Mean Difference (SMD) measures covariate balance between
the treated and comparison group and is calculated as the difference in treated
and comparison means divided by the pooled standard deviation (after match-
ing with replacement it is computed using matching weights). Well balanced:
SMD < 0.10, moderate imbalance 0.10< SMD < 0.25, large imbalance: SMD>
0.25. The effective sample size accounts for the reuse of comparison units and
reports the number of independent observations to which the weighted compar-
ison group is equivalent. Standard errors in parentheses.
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(a) Before matching (b) NN 1:1 no replacement

(c) NN 1:1 with replacement (d) Radius no replacement

(e) Radius with replacement (f) NN 1:3 with replacement

Figure G.1. Distribution of imbalance prices by matching design (positive-price hours only).
Panels show histograms for: (a) before matching, (b) nearest-neighbor (NN) 1:1 without replace-
ment, (c) NN 1:1 with replacement, (d) radius (caliper) without replacement, (e) radius (caliper)
with replacement, and (f) nearest-neighbor 1:3 with replacement. The treated group consists of off-
shore wind unit-half-hours where the difference between the day-ahead (DA) price and the strike
price is positive and exceeds the imbalance price. The comparison group consists of unit-half-
hours where this difference is negative. For matching with replacement, histograms are weighted
using the matching weights, so that reused comparison observations contribute proportionally.
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(a) Before matching (b) NN 1:1 no replacement

(c) NN 1:1 with replacement (d) Radius no replacement

(e) Radius with replacement (f) NN 1:3 with replacement

Figure G.2. Distribution of imbalance prices by matching design (negative-price hours only).
Panels show histograms for: (a) before matching, (b) nearest-neighbor (NN) 1:1 without replace-
ment, (c) NN 1:1 with replacement, (d) radius (caliper) without replacement, (e) radius (caliper)
with replacement, and (f) nearest-neighbor 1:3 with replacement. The treated group consists of
unit-half-hours where the difference between the day-ahead (DA) price and the strike price is
negative and exceeds the magnitude of the negative imbalance price. The comparison group con-
sists of unit—half-hours where this difference is positive. For designs with replacement, histograms
are weighted using matching weights, so reused comparison observations contribute proportion-
ally.
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